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Public introduction
Subsurface Evaluation of CCS and Unconventional Risks (SECURe) is gathering unbiased,
impartial scientific evidence for risk mitigation and monitoring for environmental protection to
underpin subsurface geoenergy development. The main outputs of SECURe comprise
recommendations for best practice for unconventional hydrocarbon production and geological CO2
storage. The project is funded from June 2018–May 2021.
The project is developing monitoring and mitigation strategies for the full geoenergy project
lifecycle; by assessing plausible hazards and monitoring associated environmental risks. This is
achieved through a program of experimental research and advanced technology development that
includes demonstration at commercial and research facilities to formulate best practice. We will
meet stakeholder needs; from the design of monitoring and mitigation strategies relevant to
operators and regulators, to developing communication strategies to provide a greater level of
understanding of the potential impacts.
The SECURe partnership comprises major research and commercial organisations from countries
that host shale gas and CCS industries at different stages of operation (from permitted to closed).
We are forming a durable international partnership with non-European groups; providing
international access to study sites, creating links between projects and increasing our collective
capability through exchange of scientific staff.

Executive report summary
Hydraulic fracturing or long-term CO2 injection can damage the cement sheath, casing and other
wellbore elements. These operations can thereby introduce unforeseen flow paths for CO2,
formation fluids, fracturing fluids and/or methane. Predicting damage development would aid in
designing hydraulic fracturing for shale gas and CO2 injection operations so as to minimize the
risk of their adverse effects on well integrity. The modelling work performed to back-analyse
laboratory fracturing work has already been reported in the SECURe report D5.5. There, focus
was put on radial fracture development in the cement sheath due to increased wellbore pressure.
In the present report, we develop a field-scale model incorporating a well section with perforations,
from which hydraulic fracture initiation is simulated (SINTEF). The goal of these simulations was
to explore under what conditions hydraulic fracturing could lead to damage to the cement sheath.
Risks for the integrity of the cement sheath associated with the long-term CO2 injection can be
mechanical in nature, or chemical, i.e. degradation caused by long-term exposure to carbonic acid.
Another risk factor for efficient long-term CO2 injection is relatively rapid formation of hydrates in
the wellbore and/or near-wellbore region, which could acutely hinder further CO2 injection.
Moreover, hydrate formation in the wellbore could impart mechanical stresses have adverse
effects on the cement/casing bond. Hence, the reported hydrate-related work had a focus on first
assessing the conditions favouring hydrate formation, rather than considering potential
mechanical damage to the cement sheath during CO2 injection (BGS).
The final part of this report describes experimental work on geochemical remediation through
engineered precipitation (BGS). The intent was to design novel fluids that would lead to mineral
precipitation or polymerisation reaction in contact with activating fluids, such as leaking CO2. The
intention was to obtain better performing remediation fluids than currently available, easy to deploy
by injecting directly in damaged areas through a well, either itself connected to the leaking pathway
or as a way to spread the fluid at depth towards its target placement. The chemistries were
developed and tested at bench-top scale.
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FIGURES
Figure 1 Illustration of hydraulic fracturing stages, for two intervals in a horizontal well, when isolation plugs
are used, and the fracturing fluid is injected through the production casing. Legend: (1) cement, (2)
production casing, (3) isolation plug, (4) perforation, (5) hydraulic fracture, (6) hydraulic fracturing fluid.
................................................................................................................................................................8
Figure 2 Illustration of hydraulic fracturing stages, for two intervals in a horizontal well, when a tubing and a
set of packers are used. Legend: (1) cement, (2) production casing, (3) coiled-tubing, (4) packer, (5)
perforation, (6) hydraulic fracture, (7) hydraulic fracturing fluid. For each stage, the casing is perforated
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to allow injection of the fracturing fluid within a short section of the well that isolated by packers in this
case. .......................................................................................................................................................8
Figure 3 (a) Shale domain defined. (b) Horizontal well section defined, cemented and perforated. Cemented
hole case with 3 long perforations. (c) Open hole case with 10 perforations. Distance between end of
cement sheath and first perforation: 1.25 m. Packers separate the different fracturing stages (in yellow).
(d) Same as (c) but with shorter distance between end of cement sheath and first perforation: 25 cm.13
Figure 4 Applied loads on top and right boundary, together with normal no displacement boundary conditions
on left and bottom boundaries. The applied loads at the well (well pressure) and perforations are visible
in the centre of the domain. ................................................................................................................. 14
Figure 5 (a) Linear horizontal displacement as a result of applying a normal compressive force on the right
boundary. (b) Corresponding displacement field in the vertical direction resulting from the applied force
on the top boundary. ........................................................................................................................... 14
Figure 6 Horizontal strain distribution prior to hydraulic fracturing, in (a) the rock domain around the well; (b)
near the well and perforations; (c) zoom on the perforation tips where the red "hearts" show
development of tensile strain. Distance between perforations: 2 m. Perforation length: 50 cm. ........ 17
Figure 7 Horizontal crack width plot, prior to hydraulic fracturing. Distance between perforations: 2 m.
Perforation length: 50 cm. ................................................................................................................... 17
Figure 8 Horizontal crack width plot, after hydraulic fracturing. Distance between perforations: 2 m.
Perforation length: 50 cm. ................................................................................................................... 18
Figure 9 Cemented and perforated horizontal well. Distance between the perforations is 2 m. Crack in the
cement sheath occurs after increase of pressure in the perforations. ................................................ 18
Figure 10 Cemented and perforated horizontal well. Distance between the perforations is 50 cm. Crack in the
cement sheath occurs after increase of pressure in the perforations. ................................................ 18
Figure 11 Open hole and perforated horizontal well. Distance between the perforations is 50 cm. The well is
partially cemented before the open hole section with perforations. Cement sheath (red ring) length is
1.25 m, and distance to the first perforation is 1.25 m. The horizontal strain distribution is shown prior to
fracturing. ............................................................................................................................................. 19
Figure 12 Open hole and perforated horizontal well. Distance between the perforations is 50 cm. The well is
partially cemented before the open hole section with perforations. Cement sheath (red ring in (a)) length
is 1.25 m, and distance to the first perforation is 1.25 m. (a) Prior to fracturing; (b), (c), and (d): the 3
fracturing stages. There is no crack in the cement sheath after increase of pressure in the perforations.
............................................................................................................................................................. 20
Figure 13 Open hole and perforated horizontal well. Distance between the perforations is 50 cm. The well is
partially cemented before the open hole section with perforations. Cement sheath length is 2.25 m (red
ring in (a)), and distance to the first perforation is 25 cm. (a) Prior to fracturing; (b), (c), and (d): the 3
fracturing stages. There is no crack in the cement sheath after increase of pressure in the perforations.
............................................................................................................................................................. 21
Figure 14 Open hole and perforated horizontal well. Distance between the perforations is 50 cm. The well is
partially cemented before the open hole section with perforations. Cement sheath length is 2.25 m (red
ring in (a)), and distance to the first perforation is 25 cm. Final stage with increase in pressure of 4.5
MPa. There is still no crack in the cement sheath after increase of pressure in the perforations....... 22
Figure 15 Cased hole, vertical well. Distance between the perforations is 50 cm. (a) One stage hydraulic
fracturing performed on top perforations (marked in red) with increase in pressure of 6 MPa. (b) Initial
cracking prior to hydraulic fracturing job; (c) resulting fractures after pressure increase, showing damage
in cement sheath, but only between perforations................................................................................ 23
Figure 16 (a) Schematic of a down-scaled wellbore model: (1) casing pipe, (2) pressure port, (3) cement, (4)
packer. The ellipses symbolize the expected fractures. (b) Hydraulic fracturing illustration............... 25
Figure 17 Left: Simulation domain, with cement in grey and shale in yellow; a small notch is placed just
below the cement sheath. Right: crack width (vertical) developing at the notch tip and sides. No cracking
is seen in the cement sheath (red ring), even at 25 MPa pressure. ................................................... 25
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Figure 18 CO2 and methane hydrate stability over a range of temperatures and pressures (based on data
from a model by Duan and Sun, 2006). Note the difference between curves for pure water and for brine.
Note the approximate phase boundary position (partial) between gaseous and liquid CO2. .............. 28
Figure 19 CO2 and methane solubility in a seawater salinity fluid in the presence and absence of hydrate
phases. CO2 data based on Enick and Klara (1990), King et al. (1992), Kojima et al. (2003), Kuk and
Montagna (1983), Wiebe (1941), Wiebe and Gaddy (1939, 1940); methane data generated using the
code of Duan and Mao (2006)............................................................................................................. 29
Figure 20 CO2 hydrate stability curves based on Figure 18 and displayed in terms of equivalent hydrostatic
head (depth). Salinity curves for NaCl equivalent are shown, as are linear thermal gradients for an
assumed 25°C/km and surface temperatures of 0° and -10°C. .......................................................... 32
Figure 21 Methane hydrate stability curves based on Figure 18 and displayed in terms of equivalent
hydrostatic head (depth). Salinity curves for NaCl equivalent are shown, as are linear thermal gradients
for an assumed 25°C/km and surface temperatures of -5° and -10°C. (Other explanation is in the main
text). ..................................................................................................................................................... 33
Figure 22 (a) Photograph showing cement core in black heat-shrink jacket and suspended by flow lines
below the end cap of the pressure vessel used (V1 in (b)). (b) Schematic diagram of the experimental
arrangement. ....................................................................................................................................... 37
Figure 23 Reacted cement core split open along the cut surface, and showing light-coloured precipitates.39
Figure 24 Low resolution SEM image of part of the reacted cement surface showing the distribution of a
range of secondary phase morphologies (preliminary observations). ................................................ 40
Figure 25 Morphologies of precipitates at the very base (immediate inlet end) of the cement sample. .... 40
Figure 26 Close-up of the morphology of precipitates at the very base (immediate inlet end) of the cement
sample: (a) rhombs and cuboids of carbonate precipitate; (b) subsequent overgrowth. .................... 41
Figure 27 Rhombs/distorted cubes and scalenohedral aggregates (likely CaCO3). .................................. 41
Figure 28 Range of other morphologies of what appears to be CaCO3 precipitates. ................................ 42
Figure 29 Highly porous masses of sub-micron phases (composition unresolved at the time of writing). 42
Figure 30 Individual and intergrown scalenohedral crystals in finely crystalline mass. Note the cracks in
places in (b), which might relate to sample desiccation (preliminary observation). ............................ 43
Figure 31 Highly fibrous precipitates (composition uncertain at the time of writing, but these may include
gypsum/anhydrite and CSH). .............................................................................................................. 43
Figure 32 (a) Pressure changes during initial (i.e. pre-reaction) characterisation of the core, note inlet
(orange) and outlet (blue) lines. (b) Resultant permeability evolution towards a stable value. .......... 44
Figure 33 Relative pressure changes of the inlet (orange) and the outlet (blue) lines as the two reactant fluids
are flowed through the cement core. ................................................................................................... 44
Figure 34 Average permeability during the reaction of Ca(OH)2-saturated solution with dissolved CO2 (note
different timescale to Figure 33 with only the initial 20000 sec shown here). ..................................... 45
Figure 35 (a) Pre-experiment permeability test of the cement core shows relatively uniform differential
pressure across the core. Permeability was derived from known flow rates and measured pressures at
the inlet transducer (orange) and the back pressure (blue). (b) Change and subsequent levelling out at
0.444 mD of permeability over the course of the pre-experiment permeability test. ........................... 46
Figure 36 Combination of the inlet pressure changes as the free CO2 experiment is cycled 3 times with
sharper rises to ~148 bar. Each red box contains one cycle and the trail off of pressure afterwards. The
red dotted lines indicate a break in recording due to site power-down. The sharp pressure increases
took place in <6 hours each. ............................................................................................................... 46
Figure 37 Average permeability during the reaction of Ca(OH)2-saturated solution with dissolved CO2. The
blue, orange and grey lines represent the 1st, 2nd and 3rd cycles respectively showing a more rapid drop
in permeability per cycle. ..................................................................................................................... 47
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Figure 38 Schematic showing split-open core and areas selected for microanalysis and phase mapping.
Numbers correspond to Areas sampled for XRD analysis and Zones imaged in detail by SEM. Fluid inlet
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Figure 40 SEM images representative of Zone-A, showing: (a) CaCO3 dominated surface close to the inlet,
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Figure 41 SEM images representative of Zone-B: (a, b) channels of a finely crystalline mixture of a phase
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1 Introduction
1.1

MOTIVATION AND THE ORIGINAL AIMS OF THIS WORK

Hydraulic fracturing or long-term CO2 injection can damage the cement sheath, casing and other wellbore
elements, in addition to unavoidable damage in the surrounding rock in the near-well area due to the nature
of these operations. These operations can thereby introduce unforeseen flow paths for CO2, formation fluids,
fracturing fluids and/or hydrocarbons (e.g. methane). Predicting damage development would aid in designing
hydraulic fracturing schemes for shale gas and CO2 injection operations so as to minimize the risk of their
adverse effects on well integrity. Moreover, in the case of old wells repurposed for shale gas production or
CO2 injection, the breach of integrity may have occurred previously in the lifetime of the well, and this would
add up to the risks associated with the hydraulic fracturing or CO2 injection. However, this is out of the scope
of this work. The motivation here was to study the effects of hydraulic fracturing and long-term CO2 injection
as isolated operations, independently of the previous history of the well.
The work presented in this report is connected to Subtask 5.3.3 ''Mitigating impact of fracking on well integrity''
of the Work Package (WP) 5 in the SECURe project. The original plan for this subtask was to perform a coupled
3D numerical model of hydraulic fracturing based on SINTEF's codes MDEM (fracturing software) and MRST
(open-source reservoir simulation toolbox). MDEM and MRST were planned to be used to create a predictive
tool for well integrity analysis for hydraulic fracturing and CO2 injection. Prediction of fracturing into surrounding
formations was planned to be connected to research at the University of Nottingham (UNOTT), related to
remediation of far-field leakage in Subtask 5.3.1. The original aim of this activity was to provide
recommendations on how to minimize damage to the cement sheath and surrounding rock during hydraulic
fracturing and CO2 injection. Deviations from the original plan and modified goals of this activity are given in
the following.
1.2

MOTIVATION FOR WORK TARGETING UNCONVENTIONAL HYDROCARBON EXTRACTION

The work described in this report targets possible damage to a well's cement sheath when a hydraulic fracture
operation is performed, typical for shale gas exploitation. Previously, the SECURe report D5.5 described,
among other topics, modelling performed to back analyse laboratory work described in the preceding report
D5.4. This modelling focused on being able to reproduce radial fracturing through the cement sheath and into
the surrounding sandstone, highlighted in SINTEF's ECCSEL mini-wellbore simulator. The fracturing risk there
was related to unwanted increase in casing pressure, e.g. due to temperature cycling. A fracturing tool, the
SINTEF developed MDEM code was used to explicitly model the fractures. In this report, we look at a larger
scale, along a wellbore, where initial perforations serve as initiation points for the hydraulic fractures. Here,
simulations were performed with the DIANA software (DIANA FEA, 2019). This finite element code allows for
the use of a nonlinear elastoplastic model, also capturing fracture initiation conditions. The goal of the
simulations was thus to look whether fractures were initiated at the cement sheath, simultaneously with
fracturing at the tip of the perforations, for different geometries.
1.3

MOTIVATION FOR WORK TARGETING RISK FACTORS FOR CO2 STORAGE

Risks for the integrity of the cement sheath associated with the long-term CO2 injection can be mechanical in
nature (e.g. due to tensile or compressive stress, pressure or temperature cycling) (Gasda et al., 2004; Bois
et al., 2011; Lecampion et al., 2011; Zhang and Bachu, 2011; Chu et al., 2015; De Andrade et al., 2016; Roy
et al., 2018; Vrålstad et al., 2019; Moghadam et al., 2020), or chemical, i.e. degradation caused by long-term
exposure to carbonic acid (Carey et al., 2007; Rochelle et al., 2009b,c; Crow et al., 2010; Scherer et al., 2011;
Zhang and Bachu, 2011; Carroll et al., 2016). Mechanical and chemical damage of the cement sheath are
indirect risks for long-term efficacy of CO2 injection, as wellbore work-over and leakage remediation may be
necessary to continue with safe CO2 injection. Another, more direct, risk factor for efficient long-term CO2
injection where lower temperatures are encountered, is formation of hydrates in the wellbore and/or nearwellbore region, which could acutely hinder further CO2 injection (Awan et al., 2008; Ding and Liu, 2014; Yang
et al., 2015; Gauteplass et al., 2020). Moreover, hydrate formation in the wellbore can have adverse effects
on the cement/casing bond in a similar way as reduction of internal casing pressure does (i.e. micro-annuli
formation) (Bois et al., 2011; Chu et al., 2015; Moghadam et al., 2020). Hence, we focussed on defining the
5
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conditions of hydrate stability to better determine when and where they might form, with a view to avoiding
such conditions (rather than have to deal with associated potential mechanical damage to the cement sheath
during CO2 injection).
Both CO2 and methane can form gas hydrates under appropriate pressure/temperature conditions, and they
are two members of a group of crystalline, ice-like solids called ‘clathrates’. If these were to form in the nearborehole region, the increase in solids volume could greatly impede fluid flow, and could alter the physical
properties of rock and cement. As a first step in ascertaining whether hydrates need to be considered as a
realistic possible risk factor during gas injection, we study some scenarios to consider whether certain
temperature and pressure conditions for formation are likely to be encountered. A positive indication of hydrate
formation would both indicate where further, more detailed, work is needed to model their stability, and also to
identify a broader range of pressure/temperature conditions to be avoided in order to minimise the risk of
hydrate formation.
Hydrates are known to be stable under elevated pressure, but low temperature conditions. These conditions
might be encountered at high latitudes, or during winter conditions where gas transported through surface
pipelines undergoes significant cooling.
The information presented here has been extracted in modified form from Rochelle et al. (2008), who
considered the potential stability of CO2 and methane hydrate in the subsurface under glacial and permafrost
conditions.
1.4

ADDITIONAL EXPERIMENTAL WORK ON REMEDIATION OF CO2 LEAKAGE

The work presented here was performed as part of the SECURe WP5, Subtask 5.1.1 ''Geochemical
remediation through engineered precipitation'', specifically addressing the design of remediation chemistries.
Due to laboratory closures at the British Geological Survey under COVID-19 restrictions, and subsequent
delays in conducting the experimental work, not all experimental results were reported in Deliverable D5.5
(Rochelle et al., 2020). The text describing the experimental work conducted in the laboratories of the British
Geological Survey in this report, is an updated version of that included within Deliverable D5.5 and includes a
larger set of experimental and analytical data. We decided to include the entire work in this report to make
these results more accessible to readers.
The intent was to design novel fluids that would lead to mineral precipitation or polymerisation reaction in
contact with activating fluids, such as leaking CO2. The intention was to obtain better performing remediation
fluids than currently available, easy to deploy by injecting directly in damaged areas through a well, either itself
connected to the leaking pathway or as a way to spread the fluid at depth towards its target placement. The
chemistries were developed and tested at bench-top scale, since this is the fastest way to experiment with
composition, dosage and controlled testing of achievement of the desired effect. In parallel, an initial effort was
made to back-analyse the laboratory experiments conducted with the ECCSEL Well Integrity Research
Infrastructure, a CT transparent mini-wellbore simulator situated at SINTEF's Petroleum Department. This
equipment has been described in detail in report D5.4 "Guidelines on ranking of sealant materials" (Edvardsen
et al., 2020) - it consists of a concentric assembly of a downscaled steel casing, cemented into a hollow cylinder
rock plug inside a sleeved pressure vessel. The cell has separate fluid ports permitting pressure control of the
fluid in the central borehole, pressure control of the cement slurry in the annulus while curing, pore pressure
control in the surrounding rock, and finally external confining pressure application on a thin oil film outside of
the containing rubber sleeve. The numerical model developed was calibrated to be able to recreate within
reasonable agreement the observed radial fractures obtained under cyclic pressurisation of the steel casing
against its cement sheath. These results now open the way for upscaling, both in terms of system dimensions
(to equal field well sizes) and external boundary conditions, where the effect of the finite size of the confining
pressure cell are relaxed.
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2 Effect of the hydraulic fracturing on cement sheath
integrity
2.1
2.1.1

REVIEW ON THE HYDRAULIC FRACTURING AND WELL INTEGRITY
Background

The main purpose of hydraulic fracturing is to increase oil or gas production from unconventional resources
such as oil/gas shales. For shale oil/gas production, the final section of the well is typically drilled horizontally
or nearly horizontally, following the reservoir rock layers, to maximize the volume of the production zone (Gawel
et al., 2015; Huddlestone-Holms et al., 2017; Sapińska-Śliwa et al., 2018). To maximize the production, a
single vertical wellbore is typically branched out into several horizontal branches (i.e. laterals), that can extend
up to several kilometres in length (usually 1 – 2 km). After well completion, the horizontal section of the well is
perforated and hydraulically fractured in a number of intervals, which are called 'hydraulic fracturing stages',
as illustrated in Figure 1 and Figure 2. For example, in more recent unconventional hydrocarbon field
developments in North America, distance between clusters of perforations can be 15 – 30 m, and the horizontal
section can be divided into up to 100 intervals, or fracture stages (Huddlestone-Holms et al., 2017).
Traditionally, an interval is first perforated, and then a fracturing fluid is injected directly through the production
casing at high pressure (see Figure 1). An isolation or bridge plug is set into the casing after each fracturing
stage, to separate the stimulated interval from the next interval. An alternative fracturing strategy is to isolate
an interval by using a set of packers (e.g. inflatable) attached to a coiled-tubing (e.g. Huddlestone-Holms et
al., 2017). This is followed by the perforation of the isolated interval and injection of a fracturing fluid through
the tubing at high pressure (see Figure 2). Another more recent alternative is use of fracturing sleeves and a
coiled-tubing for localized release of the fracturing fluid (Algadi et al., 2014). These more recent strategies are
more useful for example when the planned fracturing stages follow a specific pattern along the horizontal
section. In the first case (Figure 1), the pressure is exerted upon the entire horizontal section of the production
casing (except for the already stimulated intervals) during hydraulic fracturing, in contrast to an isolated interval
when a coiled-tubing and a set of packers (Figure 2) or fracturing sleeves are used.
In either way, a selected volume of the reservoir is stimulated, as it is not possible, in practice, to hydraulically
fracture the entire horizontal section in one step. When the hydraulic fracturing operation is completed, the
tubing is removed from the horizontal section, the packers are removed or drilled through, the isolation plugs
(if present) are drilled through, and hydrocarbons are thus allowed to flow up the well. Comprehensive reviews
on the shale gas well drilling, completion and hydraulic fracturing have been previously published from various
sources (e.g. M4ShaleGas project), and the reader is encouraged to look up for details in these reports
(Fretwell et al., 2012; Cuss et al., 2015; Gawel et al., 2015, 2017; Ter Heege, 2016, 2017; Huddlestone-Holms
et al., 2017; Ter Heege, et al., 2021).
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Figure 1 Illustration of hydraulic fracturing stages, for two intervals in a horizontal well, when
isolation plugs are used, and the fracturing fluid is injected through the production casing. Legend:
(1) cement, (2) production casing, (3) isolation plug, (4) perforation, (5) hydraulic fracture, (6)
hydraulic fracturing fluid.

Figure 2 Illustration of hydraulic fracturing stages, for two intervals in a horizontal well, when a
tubing and a set of packers are used. Legend: (1) cement, (2) production casing, (3) coiled-tubing, (4)
packer, (5) perforation, (6) hydraulic fracture, (7) hydraulic fracturing fluid. For each stage, the casing
is perforated to allow injection of the fracturing fluid within a short section of the well that isolated by
packers in this case.
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Potential consequences of hydraulic fracturing in unconventional hydrocarbon production that received most
research attention are induced seismicity and migration or leakage of fracturing fluid, formation fluid and/or
hydrocarbons into the shallower formations. Here we focus on potential impacts of hydraulic fracturing on the
well integrity, that can be:



Production casing failure (Johnson et al., 2002; Considine et al., 2013; Ingraffea et al., 2014; Jackson
et al., 2014; U.S. EPA, 2015);
Cement sheath failure (e.g. micro-annuli, debonding from the casing or formation, fracturing) within or
near the production zone of a shale oil/gas reservoir (Goodwin & Crook, 1992; Behrmann & Nolte,
1998; Gasda et al., 2004; Bois et al., 2011; Lecampion et al., 2011; Zhang and Bachu, 2011; Considine
et al., 2013; Ingraffea et al., 2014; Jackson et al., 2014; Chu et al., 2015; Vrålstad et al., 2019;
Moghadam et al., 2020).

The production casing and the cement sheath behind the casing in the production zone will be certainly
affected, to some degree, by the staged perforation and hydraulic fracturing. A micro-annulus is expected to
form after perforation or immediately after the onset of hydraulic fracturing due to cyclic application of high
internal casing pressures (e.g. Behrmann & Nolte, 1998; Bois et al., 2011; Lecampion et al., 2011; Chu et al.,
2015; Moghadam et al., 2020). If the micro-annulus propagates extensively along the horizontal section of the
wellbore, risk for migration of gas or fluids towards the primary well barrier will be increased. It is arguable how
much gas leakage can be expected, because the unconventional reservoirs have very low permeability and
the gas is tightly bound into the rock pore space, plus there needs to be a pressure gradient to drive the
gas/fluid migration along the existing leak paths (King & King, 2013; Jackson, 2014; Davies et al., 2014;
Thorogood & Younger, 2015; Davies et al., 2015). Potential consequences of the hydraulic fracturing for the
cement sheath in the horizontal section are not directly affecting the well integrity because this section of the
well is located below the primary well barrier (Gawel et al., 2015; Todorovic & Cerasi, 2019). However, it is still
relevant to investigate how hydraulic fracturing could affect the cement in the production zone, as this may
increase the risk for exposure of the primary well barrier elements to undesired flow of fluids (e.g. fracturing
fluid, methane). Namely, the cement sheath, securing the production liner above the production zone, is one
of the most important well barrier elements in the primary well barrier, which directly protects the well annuli
and formations above the production reservoir (NORSOK D-010, 2013; UKOOG, 2013; Vrålstad et al., 2015;
Todorovic & Cerasi, 2019). The cemented production liner (or casing) above the reservoir formation (i.e.
vertical section), could also be affected (e.g. mechanical damage or chemical degradation) by the perforation
and hydraulic fracturing operations further down the well, in the horizontal section.
It is important to note that hydraulic fracturing could affect the well integrity even before the production starts,
but the scale of its potential adverse effects would be most likely observed during the production or postproduction (Johnson et al., 2002; Kell, 2011; Ingraffea et al., 2014; King & King, 2013; U.S. EPA, 2015). This
expectation is partially based on the experience with the conventional oil and gas wells. Other aspects of
possible well integrity breach due to hydraulic fracturing are monitoring methods and timescale of the leakage,
and whether and when such a leakage would be detected, which also depends on where the leakage is
occurring – within the well (internal leak) or outside of the structural elements of the wellbore (external leak)
(U.S. EPA, 2016). These aspects are outside the scope of the research in this report, but it is important to raise
the awareness about them.
2.1.2

Field experience: Shale gas well integrity

The vast majority of unconventional hydrocarbon production takes place in the USA (U.S. EPA, 2016; IRGC,
2013), but there is development and/or exploration in other countries, as for example in Canada, Argentina
and China. The major gas producing plays in the United States are the Marcellus shale (Pennsylvania, Ohio,
West Virginia, New York), Wolfcamp/Bone Spring (New Mexico, Texas), Haynesville/Bossier (Texas,
Louisiana), Eagle Ford (Texas), Utica (Ohio), Woodford (Oklahoma), Barnett (Texas), Bakken/Three Forks
(Montana, North Dakota), and Fayetteville (Arkansas) (EIA, 2019; Ter Heege, et al., 2021). Despite a large
number of producing shale gas plays, there is a quite limited number of publications related specifically to well
integrity of shale gas wells. To the best of our knowledge, the following publications address well integrity
issues in shale gas wells (Kell, 2011; Ingraffea, 2012; Considine et al., 2013; Vidic et al., 2013; Davies et al.,
2014; Ingraffea et al., 2014; Jackson et al., 2014; Stone et al., 2016), and all of these are presenting data from
shale gas fields in the United States. Some of these studies are broader (Kell, 2011; Ingraffea et al., 2014;
Stone et al., 2016), and include well integrity data from conventional oil and gas wells. Data on the shale gas
wells drilled in Texas are presented by Kell (2011). Stone et al. (2016) presented data on shale gas wells
drilled in the Wattenberg field, Colorado.
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Shale gas wells drilled into the Marcellus shale in Pennsylvania are presented in (Ingraffea, 2012; Considine
et al., 2013; Vidic et al., 2013; Davies et al., 2014; Ingraffea et al., 2014). These studies used the same publicly
available databases (from the Pennsylvania Department of Environmental Protection Office of Oil and Gas
Management website), but the analyses varied in the number of wells analysed and time frames within which
a well was drilled and a potential incident was detected. The most relevant details, in the context of this report,
are which well barrier elements had failed and what was the cause of failure. According to Considine et al.
(2013), failure of casing or cement was the most common incident (85 events for 3533 wells), in comparison
to blow-outs (4 events) and venting or gas migration (2 events). Vidic et al. (2013) reported that 219 notices of
violation were issued for 6466 wells between 2008 and 2013, which indicates some type of well barrier failure.
For 16 of these incidents, there was an indication of a gas or fluid release into an aquifer which was interpreted
as well-integrity failure (Vidic et al., 2013). It is important to note that not all incidents of cement or casing
failure are accounted for in the notices of violation, or registered as such failures, so the real number of
cement/casing failures in the shale gas wells in Pennsylvania is probably higher (Ingraffea, 2012; Ingraffea et
al., 2014). Furthermore, data from the conventional and unconventional wells from Pennsylvania indicate that
the rate of occurrence of cement and/or casing integrity issues is higher for the unconventional wells (Ingraffea
et al., 2014). Possible causes of these structural integrity issues were not specified in these studies. However,
it cannot be ruled out that increased number of well integrity incidents for shale gas wells is to some degree
associated with the operational practices specific for the unconventional wells. Design and completion of the
unconventional wells may play a role as well, as indicated by Watson & Bachu (2009). In their study, wells that
were slanted or deviated from the vertical position were 3 to 4 times more likely to experience sustained casing
pressure or external gas migration than vertical wells.
For shale gas wells in Texas and Colorado (Kell, 2011; Stone et al., 2016), there were no reports of
contamination/leakage incidents related to hydraulic fracturing or well integrity. In Texas, during the study
period (1993-2008), no groundwater contamination related to hydraulic fracturing was reported (Kell, 2011).
This study includes 16818 wells drilled primarily in the Barnett shale. Given that such a large of number of
wells were hydraulically fractured, it seems to be improbable that there were no leakage or contamination
incidents. This may be because the well inspection and monitoring were performed early in the production
lifetime of these wells. Indeed, there are some indications of water contamination in Texas – some samples
from drinking water wells overlying the Barnett shale, that were within a 3 km radius from active shale gas
wells, showed significantly higher levels of arsenic, selenium, strontium, barium and TDS than samples from
the reference sites or further away from the shale gas wells (Fontenot et al., 2013). The spatial pattern analysis
of the data suggested that a variety of factors, including leaky gas wells, that could be the cause for the
elevated contamination levels.
The case is similar for the shale gas wells (973 drilled between 2010 and 2013) in the Wattenberg field (Stone
et al., 2016), where no well integrity or groundwater contamination incidents were reported within the limited
study period (2010-2014) that covered the early years of production. However, water samples from a densely
drilled area in western Colorado showed higher levels of contamination with endocrine-disrupting chemicals
(i.e. chemicals used in hydrocarbon extraction known or suspected as such) than reference samples from
areas with limited drilling activities (Kassotis et al., 2014). Another example of environmental contamination
are surface spills from well pads that were reported in Weld County, Colorado, where there is the highest
density of hydraulically fractured oil & gas wells (Gross et al., 2013). Chemicals such as toluene, benzene,
ethylbenzene, and xylene were detected, and had an impact on the groundwater for a one-year period until
remediation measures were put in place.
Some of the limitations of these studies are a limited time interval, within which the well integrity data were
analysed, and classification of failures. Limited time interval of the study varied between two (Ingraffea, 2012)
and 15 years (Kell, 2011). Age of the wells needs to be accounted for when their integrity is considered, and
long-term monitoring and inspection would provide more complete data on the well integrity and rates of failure
for specific structural elements (Ingraffea et al., 2014; Patel et al., 2015). Regarding the classification of
failures, single well barrier element failure and complete well integrity failure were not differentiated in most of
these studies. Moreover, notices of violation from regulatory requirements provide a lower estimate for
potential environmental consequences because in practice, not all well failures are detected.
Based on the studies on well integrity of shale gas wells mentioned here, we can conclude that there is
insufficient data available that could with certainty draw a causal relationship between the hydraulic fracturing
and the reported incidents of well integrity loss and/or aquifer contamination. We expect that more detailed
well integrity data from the unconventional hydrocarbon production will be available in the years to come. This
indicates that resolving this potential issue requires both research efforts (laboratory scale experiments and
modelling of horizontal drilling and hydraulic fracturing) and, in the producing fields, improved systematic
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mechanical integrity tests and leakage monitoring techniques, as well as regulatory requirements for such (e.g.
research questions summary by Jackson et al., 2014, pg. 340). Better understanding of well integrity risks for
unconventional wells is of utmost importance as there are some indications of a higher risk for loss of well
integrity (especially cement and casing failure) than in the conventional wells (Watson & Bachu, 2009; Ingraffea
et al., 2014).

2.1.3

Aim of this work

The aim of this work was to simulate hydraulic fracturing initiation in a model where a section of horizontal well
with vertical perforations is considered in a shale with given in-situ stresses and investigate whether damage
occurs in the cement sheath. As fracture propagation cannot be followed in the chosen finite element model,
only concomitant fracture initiation at the perforation tips and cement sheath will be highlighted as potential
damage situation. As such, it is possible, although probably unlikely, that fractures initiated at the perforation
tips could propagate and bend towards the cement sheath; the changing stress level ahead of the propagating
tip could thus induce new fractures later on at the cement sheath.
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2.2

MODELLING IN DIANA SOFTWARE

A shale domain was defined in the DIANA software, in plane strain 2D mode. The dimensions of the domain
were 500 m in lateral extent by 500 m vertically. In the middle of the domain, a small horizontal well section
was added, with a varying number of perforations in the casing, either uncemented or cemented (Figure 3).
For simplicity, the case of uncemented hole with casing will be referred to as the open hole case in the
following. The effect of cement sheath length and proximity to perforations is investigated, varying the spacing
of these and their length. The well section is 10 m in length, with from 3 to 10 perforations, the distance between
perforations tips being 2 m for 3 perforations and 50 cm for 10 perforations. The perforations are taken to have
a length of 1.5 m or 50 cm and 10 cm width at their base, being triangular in shape, for simplicity. Only the
upper half section of the well is simulated, with a 5 cm thick steel casing of 15 cm in diameter and a 10 cm
thick cement sheath. These are rather large values; however, the casing does not play a role in these
simulations as the perforation process is not simulated and the casing only confers stability to the well section
under the imposed in-situ stresses. The thick cement sheath can be seen as a best-case scenario with strong
and well-placed cement. The well pressure is artificially also applied in the perforations, even though the casing
is not perforated, for simplicity. Although the abrupt ending of the well section inevitably leads to stress
concentration effects, these are assumed not to have an effect on the stresses near the perforated section.
For the open hole configuration, 2 cases are investigated, with either 1.25 m or 25 cm between the end of the
cement sheath and the closest perforation (Figure 3).
The in-situ stress conditions adopted are a vertical stress v = 15 MPa and horizontal stress h = 10 MPa.
These are assumed not to vary across the domain. The initial well pressure (also the pressure in the
perforations) is taken to be Pw = 11 MPa. The additional pressure applied in the perforations to induce hydraulic
fracturing is set at Pw = 6 MPa. The domain is meshed with quadratic, adaptive rectangular elements, seeded
either by specifying number of elements per given boundary (several different values can be given at different
edges in the domain) or by specifying element size, with linear interpolation for mid-side element node location.
Around 10 000 elements are generated in the models considered here.
Stable initial conditions are obtained, provided that the domain is large enough: the in-situ stress state is
implemented by increasing load on the top and lateral boundaries until the desired stress state is established
(Figure 4). Simultaneously, well pressure is increased (also in the perforations) to slight overbalanced
conditions as indicated in the chosen value above. This results in uniform stress state in the domain and linear
displacement from top to bottom and right to left (Figure 5), due to the left and bottom stationary boundary
conditions in the respective normal direction, with uniform and elastic horizontal and vertical strain values
(except at the well and perforations).
The hydraulic fracturing phase is implemented as a second load sequence, where additional loading is applied
on the perforations of interest. In models with 3 perforations, 2 neighbouring perforations are further fractured;
for models with 10 perforations, the 3 left most perforations are fractured for the cemented case, while 3 stages
of fracturing are implemented for the open hole case. In these latter cases, the placement of packers divides
the perforations to 3 isolated pairs towards the left side of the well interval. The first fracturing stage is for the
farthest pair, the second for the middle pair and the third stage for the pair closest to the cement sheath at left
(Figure 3 c, d).
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a

b

c

d

Figure 3 (a) Shale domain defined. (b) Horizontal well section defined, cemented and perforated.
Cemented hole case with 3 long perforations. (c) Open hole case with 10 perforations. Distance
between end of cement sheath and first perforation: 1.25 m. Packers separate the different fracturing
stages (in yellow). (d) Same as (c) but with shorter distance between end of cement sheath and first
perforation: 25 cm.
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Figure 4 Applied loads on top and right boundary, together with normal no displacement boundary
conditions on left and bottom boundaries. The applied loads at the well (well pressure) and
perforations are visible in the centre of the domain.

b

a

Figure 5 (a) Linear horizontal displacement as a result of applying a normal compressive force on the
right boundary. (b) Corresponding displacement field in the vertical direction resulting from the
applied force on the top boundary.
Material properties chosen for casing, cement and shale rock are summarized in

Table 1.
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Table 1 Material properties implemented in the DIANA simulation.
Steel Casing

Cement sheath

Shale formation

Material properties

Linear elastic

Nonlinear elastoplastic

Nonlinear elastoplastic

Young's modulus [GPa]

200

1.2

7

Poisson's ratio

0.28

0.25

0.15

Mass density [kg/m3]

8000

2300

2500

Porosity [-]

-

0.25

-

Plasticity

-

Mohr-Coulomb

Mohr-Coulomb

Cohesion [MPa]

-

5

60

Friction angle [°]

-

30

30

Dilatancy angle [°]

-

0

0

Tension cut-off [MPa]

-

0.3

5
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2.3
2.3.1

RESULTS AND DISCUSSION
Modelling results

The results from the different simulated cases are shown grouped into cases where a continuous cement
sheath is present (cased and perforated interval) and cases where an open hole is adjacent to the end of a
cement sheath (open hole and perforated interval, with internal tubing and packers). The main results are
presented in terms of fracture initiation and crack opening, where the focus is put on whether such cracks are
also seen in the cement sheath or only at the tips of the perforations. Where fractures are predicted to occur,
the crack strain perpendicular to the interface may be visualized by a coloured contour plot. The crack strains
may also be interpreted as a measure for the width of the crack. Full non-linear finite element analysis has
proven to be able to predict accurately changing stiffness and crack-widths at different load-levels. The crackwidth is defined as the product of the crack-bandwidth and the difference of maximum principal strain and
maximum principal stress divided by the original Young’s modulus. DIANA calculates the crack-bandwidth per
element automatically (Schreppers et al., 2011). The crack width calculation depends on the failure model
employed and the post-failure stiffness reduction curve chosen.
Cased, cemented and perforated interval
The first cases analysed are with the presence of 3 perforations, where cement is covering the whole interval
except at the perforations. Figure 6 shows the elastic horizontal strain near the well interval, and at the
perforation tips prior to hydraulic fracturing. It is apparent that the fracture tips may have already fractured, as
evidenced by the red zones where strain is positive, i.e. tensile. This can be further confirmed by plotting the
crack widths, as done in Figure 7. All three perforation tips show fractures appearing at the pressure of the
well, i.e. slightly higher than the horizontal stress and above the tensile stress of the shale. However, no
cracking occurs at the base of the perforations. The situation after hydraulic fracturing is shown in Figure 8. It
is evident that the fractures in the 2 left-most perforations have grown, while the third perforation is unchanged.
Now, new fractures appear in the cement sheath, at the base of the perforations. Similar plots may be produced
for vertical strain and crack width, as well as shear strain. Note that no fracture appears at the base of the third
perforation.
Similar results are obtained for the longer perforations, as can be seen in Figure 9. More extensive fracturing
occurs for perforations being shot closer to each other, at 50 cm distance, as can be seen in Figure 10.
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a

b

c

Figure 6 Horizontal strain distribution prior to hydraulic fracturing, in (a) the rock domain around the
well; (b) near the well and perforations; (c) zoom on the perforation tips where the red "hearts" show
development of tensile strain. Distance between perforations: 2 m. Perforation length: 50 cm.

Figure 7 Horizontal crack width plot, prior to hydraulic fracturing. Distance between perforations: 2
m. Perforation length: 50 cm.
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Figure 8 Horizontal crack width plot, after hydraulic fracturing. The cracks are represented with
colour filling of the mesh elements where they appear. Crack opening is according to the colour
scale at right. Distance between perforations: 2 m. Perforation length: 50 cm.

Figure 9 Cemented and perforated horizontal well. Distance between the perforations is 2 m. Crack in
the cement sheath occurs after increase of pressure in the perforations.

Figure 10 Cemented and perforated horizontal well. Distance between the perforations is 50 cm.
Crack in the cement sheath occurs after increase of pressure in the perforations. The cracks at both
ends of the simulated interval are artefacts of the finite well length modelled and assumed to
influence only weakly stress perturbation nearer the perforations.
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Open hole perforated interval
In these cases, cement is removed from most of the modelled interval (Figure 11), except for the starting 1.25
m of the well (on the left side). The distance between the end of the cement sheath and the first perforation is
1.25 m. Packers installed in the well delimitate the areas with increased pressure for fracture initiation (Figure
3 (c, d)). The distribution of horizontal strain before fracturing in shown in Figure 11, highlighting that the end
faces of the well do not affect straining at the cement sheath. Fracturing is performed in stages, starting from
perforations 5 and 6 from the left, followed by 3 and 4 and finally 1 and 2. Fracturing is done at a reduced
pressure increase as compared to the cased hole simulations, with an increase of 1.5 MPa in pressure. When
a new stage is fractured, the pressure in the former stage perforations is reduced back to well pressure
(reduction of 1.5 MPa in pressure).
The 3 fracturing stages are shown in Figure 12 for the case with short cement sheath and in Figure 13 for the
long cement sheath. In both cases, no damage can be seen in the cement, most additional cracks apart from
the perforation tips occurring at the interface above the packers and along the perforation walls. The farthest
2 packings are cracked at the first stage, with more cracking occurring at the second stage in the common
packer (delimiting stage 2 from stage 1), and further cracking in the two left-most packers during stage 3. Since
no fracturing occurred in the cement sheath, a further increase in the last stage's perforations to 4.5 MPa
above well pressure was undertaken, but still no fracturing in the cement sheath could be obtained (Figure
14).

Figure 11 Open hole and perforated horizontal well. Distance between the perforations is 50 cm. The
well is partially cemented before the open hole section with perforations. Cement sheath (red ring)
length is 1.25 m, and distance to the first perforation is 1.25 m. The horizontal strain distribution is
shown prior to fracturing.
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d

Figure 12 Open hole and perforated horizontal well. Distance between the perforations is 50 cm. The
well is partially cemented before the open hole section with perforations. Cement sheath (red ring in
(a)) length is 1.25 m, and distance to the first perforation is 1.25 m. (a) Prior to fracturing; and the 3
fracturing stages: (b) Perforations 5 and 6 fractured; (c) Perforations 3 and 4 fractured (b)
Perforations 1 and 2 fractured. There is no crack in the cement sheath after increase of pressure in
the perforations.
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Figure 13 Open hole and perforated horizontal well. Distance between the perforations is 50 cm. The
well is partially cemented before the open hole section with perforations. Cement sheath length is
2.25 m (red ring in (a)), and distance to the first perforation is 25 cm. (a) Prior to fracturing; (b), (c),
and (d): the 3 fracturing stages as in Figure 12. There is no crack in the cement sheath after increase
of pressure in the perforations.
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Figure 14 Open hole and perforated horizontal well. Distance between the perforations is 50 cm. The
well is partially cemented before the open hole section with perforations. Cement sheath length is
2.25 m (red ring in (a)), and distance to the first perforation is 25 cm. Final stage of hydraulic
fracturing (in perforations 1 and 2) with increase in pressure of 4.5 MPa. There is still no crack in the
cement sheath after increase of pressure in the perforations.
Vertical cased and cemented interval
Finally, the case of a vertical well was examined, although not common for shale gas extraction. The vertical
interval was simply simulated using the same domain as presented above, switching between the vertical and
horizontal stress values. For visualisation purposes, the domain is rotated clockwise with 90° in Figure 15 to
show the well interval vertically. Long perforations are chosen, with a separation of 50 cm between
neighbouring perforations. Initial cracking can be observed on the two outer perforations and at the cement
base of the shallowest perforation; however, extensive fracturing occurs on the two outer perforations after the
pressure is ramped up (6 MPa above well pressure) in the shallowest 3 perforations. Cracking also initiates in
the cement just below the deeper pressurized perforation, with an additional fracture similar to that observed
in Figure 14, although here the pressure increase is larger.
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c

Figure 15 Cemented hole, vertical well. Distance between the perforations is 50 cm. (a) One stage
hydraulic fracturing performed on top perforations (marked in red) with increase in pressure of 6
MPa. (b) Initial cracking prior to hydraulic fracturing job; (c) resulting fractures after pressure
increase, showing damage in cement sheath, but only between perforations.
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2.3.2

Plan for hydraulic fracturing experiments in a down-scaled wellbore model

The plan for the experimental part of this work is to recreate hydraulic fracturing under relevant downhole
conditions in a down-scaled wellbore model. The aim of this experiment is to observe the potential effect of
hydraulic fracturing in the shale on the cement behind the casing, which is not directly exposed to the flow of
the fracturing fluid. To the best of our knowledge, a laboratory study of the effect of hydraulic fracturing on the
annular cement in a down-scaled wellbore model has not been published yet. On the other hand, experiments
with hydraulic fracturing of rocks have been widely performed, especially in the last decade (Qian et al., 2020).
The designed down-scaled wellbore model consists of a Mancos shale hollow cylinder and a thin pipe,
cemented in the top part of the borehole, as illustrated in Figure 16. A central section of the borehole is isolated
with packers, and hydraulic fracturing is performed through the pipe in this open hole section. For this
experiment, a True-Triaxial load frame will be used, as it can recreate realistic conditions with confining
pressure, additional stress in one horizontal direction (with a pair of pistons connected to rectangular vertical
platens) and axial stress in the vertical direction delivered by the load frame.
The borehole size will be determined by the cement sheath size, which should be similar to typical field values
of 2 cm; this then makes for a borehole of 5 cm in diameter, with a metal tubing of 1 cm in diameter. Note that
the tube will not represent a steel casing to scale, as we are only interested in damage to the cement sheath
from the outside. The packers will likewise not represent realistic field packers for initial testing; the simplest
solution will be to machine steel cylindrical plugs which will be glued with strong epoxy to the shale. These
adjustments should not reduce the validity of the findings towards field interpretation, in that they are minor
modifications as compared to the larger effect of finite-sized rock domain in the laboratory. Limited rock mass
availability in the laboratory always leads to stress concentration effects, especially in tests where fractures
propagate towards the outer sample boundary, whereas in the field, the fractures would not see this type of
stress increase at the same distance from the well. The upper packer will have a hole permitting insertion of
the fluid delivery tube, also to be glued to the upper packer with epoxy. The Mancos shale shows strong
layering and thus by coring plugs perpendicular to bedding and parallel to bedding, one can simulate both
vertical and horizontal wells in the field, with a vertical borehole in the laboratory. This is if one assumes that
bedding planes are horizontal, in the field.
DIANA simulations of the laboratory case were performed, whereby a half model domain was prepared. The
domain consists of shale material as in the simulations of the preceding section, with a cement inclusion on
the top left part of the domain. The metal tubing was not included, only the cement part inside the shale. The
dimensions are thus 5 mm width by 7.5 cm length for the cement part, 10 cm width by 15 cm length for the
shale (Figure 17). A 5 mm notch to initiate a planar fracture is also shown in Figure 17. The applied stresses
in the simulation are set to 15 MPa vertical stress and 10 MPa horizontal stress. From Figure 17 it is seen that
even for a pressure increase to 25 MPa in the notch, initiating fracturing there as expected, there is no
unwanted fracture initiation in the cement sheath.
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Figure 16 (a) Schematic of a down-scaled wellbore model: (1) casing pipe, (2) pressure port, (3)
cement, (4) packer. The ellipses symbolize the expected fractures. (b) Hydraulic fracturing
illustration.

a

b

Figure 17 (a) Simulation domain, with cement in grey and shale in yellow; a small notch is placed
just below the cement sheath. (b) Crack width (vertical) developing at the notch tip and sides. No
cracking is seen in the cement sheath (red ring), even at 25 MPa pressure.
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2.3.3

Discussion and conclusion of modelling effort

The simulations run with the DIANA software show that under some circumstances, fracturing may be
expected in the well's cement sheath. It is important to stress the fact that these 2D simulations may overevaluate the importance of the discontinuity in the cement sheath where the perforations are shot, in terms of
stress concentration effects. In 3D there would be a continuous cement sheath around the perforations, albeit
with some stress concentration around the perforation hole. These are the locations where simulations show
a possible fracturing scenario which could lead to unwanted pressure communication. However, the
simulations all agree that there is no induced fracturing at more distant cement sheath sections.
Caveats must be raised in that the finite element framework is not the most suited to predict stress changes
which may occur after propagation of fractures, as opposed to only initiation. One of the variables in this code,
which should be further explored, is the model options whereby assumptions are made on the weakening
effect occurring once an element shifts to describing a tensile crack. The code will then reduce the stiffness of
the element, causing further local deformation at constant stress and under the right circumstances, allow for
some propagation of the crack. However, this propagation tends also to be accompanied by a thickening of
the fracture zone, at odds with laboratory observation of thin, large aspect ratio fractures. Thus, delicate tuning
work should be performed to best capture fracturing in a code based on continuous mechanics, such that
explicit fracture tracking is not built-in as it is e.g. in the MDEM software described and used in report D5.5
(Rochelle et al., 2020). Also, partially and implicitly looked at in this work, is the mesh-dependence of the
obtained results. A mesh too coarse will have a tendency of converging to equilibrium at each load step with
larger out-of-balance forces (but still within the requested tolerance), which may for large loads lead to
accumulated error. This was investigated by increasing the number of time steps or the intermediate loading
forces on the way to the desired fracturing load; however, for some combinations of meshes and loading
schemes, numerical oscillations can set in with no convergence being reached. Refined meshing at locations
of interest can solve this issue, but at the price of computation time and if pushed too far, can lead to distorted
elements, with angles too small for correct interpolation in the element. Sometimes, remeshing with alternate
element geometry could solve this difficulty.
Another issue, the anisotropic nature of shales, was not taken into consideration in these simulations, with the
presence of weak planes playing a role in fracture initiation and propagation. This is why preliminary laboratory
experiments are necessary, perhaps leading to more detailed simulations using discrete element formulations,
even though they are much more time consuming. Another way forward would be to include weak planes as
an additional class of elements in DIANA, using a full poroelastic modelling framework and checking the effect
of going to a 3D model. In summary, the DIANA code is well-tuned especially for reinforced concrete loading,
with many elaborate elastoplastic models where advanced cracking models are incorporated. The more basic
geomaterials module used in this work has less default possibilities, making it necessary for the user to tune
more or less manually many parameters, which are not readily available either from the literature or from
common geomechanical laboratory experiments.
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3 The potential for hydrate formation in the near well
region
3.1

INTRODUCTION

Gas hydrates are a group of crystalline, ice-like solids that are generally stable under elevated pressures and
lower temperatures. They are a sub-group of a class of phases called ‘clathrates’, in which small, non-polar
molecules (typically gases) are trapped within ‘cages’ of different molecules (hydrogen bonded water
molecules in the case of hydrates). Without the presence of the trapped molecules, the lattice structure of
hydrate clathrates would collapse into a conventional ice crystal structure or liquid water. Many different gases
form hydrates, but by far the most common on Earth is methane hydrate. One noteworthy feature of gas
hydrates is their relative ease of formation, only requiring the presence of gas and water under appropriate
temperatures and pressures. Unlike the reactions of many rock-forming minerals, hydrate phases can grow
rapidity. Indeed, their relatively rapid growth can be a serious impediment to the functioning of natural gas
pipelines, which they can block.
In terms of abundance and distribution, methane (CH4) hydrate is by far the most common hydrate on Earth,
being widely distributed within polar regions and along deep-water continental margins where high pressure,
low temperature environments coexist with a supply of methane (Kvenvolden, 1998; Sloan, 1998). Methane
hydrate consists of methane and water in a 1:5.75 ratio (assuming a fully occupied structure), and typically 1
dm3 of methane hydrate would destabilise into about 0.8 dm3 of water and 167 dm3 of methane gas (standard
temperature and pressure conditions). Typical hydrate density is 0.92. In terms of mass ratios, methane makes
up approximately 13.4% of methane hydrate, and CO2 approximately 29.8% of CO2 hydrate.
Typically, natural methane hydrate would also contain traces of other gases such as CO2, H2S, C2H6. Current
estimates of global hydrate volumes suggest 2 x 1014 m3 of methane could exist within these natural hydrate
reserves, which is approximately 30 times the quantity available in the atmosphere at present, representing
one of the largest stores of organic carbon on this planet (Soloviev, 2002; Long et al., 2005). Much work is
ongoing to study methane hydrate:
a) To investigate its possible use as a future energy resource if the methane within hydrate can be
successfully extracted from the surrounding sediments.
b) To ascertain if global climate change through anthropogenic releases of greenhouse gases will lead to
hydrate destabilisation and release of methane (a powerful greenhouse gas), which would exacerbate
climate change. Indeed, there is evidence to suggest these natural reserves have released considerable
quantities of methane gas into the atmosphere in the geological past at times of sudden climate change,
and therefore need to be considered as a possible future environmental hazard (Kvenvolden, 1998;
Kennett et al., 2000; Buffet and Archer, 2004; Kemp et al., 2005).
c) To assess the role of hydrate destabilisation on slope stability and its link to submarine landslides. For
example, enhanced continental slope failure during glacial-interglacial transitions is believed to have
occurred at the same time as the release of large quantities of methane from gas hydrates during the
Pleistocene (Maslin et al., 2004).
Other natural hydrates are far less common on the Earth, though two that are worth mentioning are carbon
dioxide (CO2) hydrate and ‘air hydrate’. CO2 hydrate is relatively rare in nature, having only been identified at
deep-water hydrothermal venting sites in the Okinawa Trough offshore Japan (Sakai et al., 1990; Shitashima
et al., 2008). However, there is increasing interest in CO2 hydrate as a possible storage phase for
anthropogenic CO2 – either within the water column of deep oceans (e.g. Hirai et al., 1997; Wilson, 1992), or
on the bed of deep oceans (e.g. Austvik and Løken, 1992), or within deep-water sediments (Camps, 2007;
House et al., 2006; Koide et al., 1997; Rochelle et al., 2009a; Tohidi et al., 2010; Gauteplass et al., 2018). It
could also be stable if CO2 were injected below thick permafrost. Air hydrate is probably relatively common in
polar regions. It is formed within the lower parts of large ice sheets by the pressure of overlying ice compressing
trapped air bubbles to a pressure where hydrate phases become stable (e.g. Shoji and Langway, 1982). Air
hydrates form once ice thicknesses exceed 500-1200 m (Lipenkov et al., 1996).
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3.2

REQUIREMENTS FOR HYDRATE STABILITY

3.2.1

Temperature and pressure

Gas hydrates are generally stable at lower temperatures and pressures above atmospheric pressure, though
their exact stability range varies with the gas involved. Methane and CO2 provide contrasting cases because
of their differing phase behaviour. Methane is a gas over a wide range of pressures and temperatures, and as
a consequence, its stability profile has a relatively simple relationship with pressure and temperature (Figure
18). CO2 on the other hand, undergoes a phase change from gas to liquid at relatively moderate conditions,
and this results in a more complex stability relationship with pressure and temperature. CO2 hydrate has a
slightly larger stability field at lower pressures/temperatures, whereas methane hydrate has a larger stability
field at higher pressures/temperatures.

Figure 18 CO2 and methane hydrate stability over a range of temperatures and pressures (based on
data from a model by Duan and Sun, 2006). Note the difference between curves for pure water and for
brine. Note the approximate phase boundary position (partial) between gaseous and liquid CO2.
For hydrates to form in the near-borehole environment, temperatures need to be low. This could be relevant
in circumstances of:


Areas having deep permafrost conditions (i.e. applicable to high latitude regions).



Long over-ground surface pipelines and high injection rates. This is applicable to places having cold
winters which could chill the gas (or liquid in the case of CO2) enough to have it reach the bottom of the
borehole at significantly lower temperatures to those naturally in-situ. Whilst warming of the injected CO2
or methane would occur upon entering the rock mass, there could be significant chilling of the lower parts
of the wellbores (e.g. wellbore elements near the reservoir zone - tubing, production casing, cement
sheath, packer), plus also the relatively smaller volume of rock in the near borehole region.

Given the above conditions, it is reasonable to draw similarities with deep permafrost and subglacial
environments, and hence (as a first approximation) utilise information from previous predictions (e.g. Rochelle
et al., 2008).
In the absence of directly measured values, in-situ pressures could reasonably be estimated by assuming
hydrostatic head (as per the Rochelle et al., 2008 study). However, temperatures in the near-borehole region
will be defined by the complex interplay between CO2/methane temperature, injection rate, and rock/cement
thermal conductivity and heat capacity. In-depth calculations are beyond this short study (plus no detailed sitespecific data are available), so only more generic comments on hydrate stability are given here. Understanding
temperature and pressure conditions better would be a useful area of study for follow-up investigations.
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3.2.2

Gas (and water) saturation

Even if sufficiently high pressures and sufficiently low temperatures exist for hydrates to form, there still needs
to be enough gas present to achieve saturation with respect to hydrate phases. In other words, hydrate phases
will not form in areas of very low dissolved gas concentration. By way of an example, consider CO2 and
methane solubility in seawater salinity water and at a pressure of 10 MPa (100 bar, or about 1000 m of
hydrostatic head). Figure 19 shows the higher solubility of CO2 relative to methane, reaching a maximum
solubility of about 1.5 mol kg-1 at approximately 10 °C. Methane on the other hand, only reaches a maximum
solubility of about 0.13 mol kg-1 at about 14 °C. The data for CO2 presented in Figure 19 were sourced from
experimental investigations (Enick and Klara, 1990; King et al., 1992; Kojima et al., 2003; Kuk and Montagna,
1983; Wiebe, 1941; Wiebe and Gaddy, 1939, 1940) whereas the data for methane were generated using a
code (CH4_solubility.exe) reported by Duan and Mao (2006). Note that this code was previously accessible at
http://www.geochem-model.org/programs.htm, but now (April 2021) appears to be unavailable.

Figure 19 CO2 and methane solubility in a seawater salinity fluid in the presence and absence of
hydrate phases. CO2 data based on Enick and Klara (1990), King et al. (1992), Kojima et al. (2003),
Kuk and Montagna (1983), Wiebe (1941), Wiebe and Gaddy (1939, 1940); methane data generated
using the code of Duan and Mao (2006).
Outside the hydrate stability zone, gas solubility generally increases with increasing pressure and decreases
with increasing temperature, and this can be predicted with various geochemical models. Once hydrate
becomes stable however, CO2 and methane solubilities rapidly decrease with decreasing temperature (Figure
19) – a trend that most geochemical models do not reproduce (due to data for hydrate phases not being
present in their thermodynamic databases).
Similarly, hydrates will not form where there is no water – such as where the CO2 has been dried (e.g. prior to
transport). However, in the context of CO2 injection operations, there is potential for hydrates to form where
CO2 and water co-exist at cool temperatures and elevated pressures, such as where:
a) CO2 is chilled during transport in pipelines (e.g. winter or at high latitudes), and when the cold
gaseous/liquid CO2 first contacts cement or rock porewaters. The risk could be most likely highest in the
initial phase of CO2 injection, before the injected CO2 displaces porewaters away from the cool
temperatures of the well. There is also the possibility that hydrates would form in the lower part of the
tubing, if it is filled with water (Gauteplass et al., 2020).
b) Damp gas is brought to the surface, chilled, and pressurised as it is re-injected (such as in a CO2-EOR
operation in a high latitude region).
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c) WAG CO2 injection scheme is implemented. If CO2 and water injection are alternated, and the downhole
conditions are suitable for hydrate formation, the presence of water prior to injection of CO2, or vice versa,
could increase the risk of hydrate formation (e.g. Biderkab et al., 2002; Awan et al., 2008).

3.2.3

Other factors

There are also other factors as well as those described above that can control hydrate stability. One of the
most notable is salinity, with hydrate stability being reduced in more concentrated solutions, see Figure 18
(e.g. Sloan, 1998; Gauteplass et al., 2018). As hydrate forms it consumes water, and in regions of restricted
fluid movement (such as in fine-grained rocks) this results in an increase in salinity of the remaining porewater
– this is found in regions of current rapid hydrate growth such as the Cascadia Margin (e.g. Torres et al., 2004).
It is possible that if the increase in salinity is sufficiently large (and if pressure/temperature conditions are less
extreme), then it can result in the cessation of hydrate formation until the ‘excess salinity’ has had time to
diffuse/advect away from the region of hydrate formation. We know of no natural examples where the salinity
increase has been so large that it reached the point of halite precipitation. However, this has been observed
in laboratory experiments using restricted amounts of saline water and relatively large amounts of CO2 (Camps
et al., 2007).
Another factor having an impact on hydrate stability is that of the size of the pores that hydrate forms in. The
effect of this is more subtle than that of salinity, but previous studies (Anderson et al., 2003, Llamedo et al.,
2004) show a clear reduction in hydrate stability as pore sizes become smaller (especially for sub-micron pore
sizes). The effect of this may be less important in the context of CO2 storage, because high
porosity/permeability and high flow rates/injectivity of the reservoir rock are assumed. However, this is a factor
to consider in detailed studies of hydrate formation in fine-grained rocks, such as clay caprocks.
There are regions of pressure/temperature conditions where one hydrate is more stable compared to another,
and in such regions it is possible for one hydrate to replace another. For example, under certain conditions
CO2 hydrate can replace methane hydrate, and it has been suggested that this could be utilised for both
disposing of anthropogenic CO2 whilst at the same time producing methane for energy generation (IEA GHG,
2000a,b; Nakano, 1998).
Finally, it is also possible that small amounts of gases other than CO2 and methane could result in a mixed
(i.e. impure) hydrate having enhanced stability relative to pure CO2 or methane hydrates. Trace components
in the CO2 (such as H2S and SO2) can also form hydrates that are more stable than CO2 or methane hydrates.
In addition, gases such as butane and propane form ‘structure II’ hydrates that have wider conditions of stability
than ‘Structure I’ (methane or CO2) hydrates, and so will form more readily. Due to the complexity of these
issues, they will not be considered further in this report, but it is useful to note that for any future detailed work
it would be beneficial to have quantitative data on likely gas compositions, and then enter those data into
hydrate stability models that can handle mixed gas compositions.
3.3

METHODOLOGY

In this scoping study to assess whether there could be a reasonable probability that subsurface hydrates might
form, the only variables considered were pressure, temperature and salinity. It was assumed that sufficient
amounts of gas were available in solution for hydrate to form and that pore size had no effect on hydrate
stability. Thermodynamic equilibrium was assumed, and as a consequence time-dependant factors, such as
the rate of hydrate formation, were not taken into account.
In these example calculations, surface pipeline temperatures were arbitrarily chosen to be 0°C and -10°C, and
a geothermal gradient of 25°C/km used. It would not be realistic for gas at 0°C at the surface (point ‘A’ in Figure
20 and Figure 21) to still be 0°C when exiting the borehole (point ‘B’ in Figure 20 and Figure 21), as injected
gas will warm up as it descends the borehole. However, it will also not exit the borehole at in-situ temperatures,
and it is realised that with continued injection of cold gas the near borehole region will become both
progressively colder, and colder at greater depths. It is beyond the scope of this report to undertake an indepth assessment of gas warming rates with depth, so by way of a non-specific example, a temperature
increase of 1°C per 200 m (5°C/km) of borehole is used. Such a slow temperature increase would mean that
injected gas would follow the temperature path ‘A’-‘C’ (dotted line in Figure 20 and Figure 21), and this would
give a temperature of 6°C at 1200 m.
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Several models are available to account for changes in hydrate stability as a function of salinity. These include:


‘CSMHYD’ produced by Dendy Sloan and co-workers at The Centre For Hydrate Research at the Colorado
School of Mines (Sloan, 1998). This DOS programme will predict hydrate data for several gases and is
available for download at http://inside.mines.edu/research/chs/software/csmhyd.html.



‘HWHYD’ produced by Bahman Tohidi and co-workers at the Centre for Gas Hydrate Research, Institute
of Petroleum Engineering, Heriot-Watt University. This code predicts hydrate data for a range of gases,
some of which are active in the demo version that can be downloaded at
http://www.pet.hw.ac.uk/research/hydrate/download.htm.



‘hydrate-co2-salts.exe’ ‘hydrate-ch4-salts.exe’ produced by Zhenhao Duan and co-workers at Institute of
Geology and Geophysics, Chinese Academy of Sciences, Beijing. These gas-specific codes are described
in Duan and Mao (2006), Duan and Sun (2006), Sun and Duan (2007). Note that they are currently not
available for download, but were available when the calculations used in this scoping study were
undertaken.

It was beyond the scope of this preliminary study to conduct a detailed comparison exercise between these
different codes to ascertain how their predictions compare to each other. In part this was because the codes
have been built around, and tested on, very similar experimental data and they should therefore produce very
similar results. However, it was mainly because significant uncertainties exist in other areas considered within
this report (e.g. geothermal gradient, rate of warming as gas is injected down the borehole etc.), and it is
thought that the ‘uncertainties’ introduced through the use of different hydrate stability models are relatively
small by comparison.
This study utilised the codes ‘hydrate-co2-salts.exe’ and ‘hydrate-ch4-salts.exe’. The choice of using these
was based upon their ease of use and compatibility with the code used for methane solubility (Sun and Duan,
2007). A range of (NaCl equivalent) salinities were considered, from pure water to a brine of 150 g L-1 (150000
ppm). These conditions are thought suitable for a scoping study of this type, though for individual case studies
then site-specific data should be used.
The hydrate stability data were converted into plots of hydrate stability with depth using the following
assumptions:


1 bar = 10 m of water



water density = 1 (though this would be higher with dissolved salts)



water density does not change with depth

It is acknowledged that the assumption of uniform water density may not be truly accurate. Dissolved salts will
increase the density of water, and hence the pressure at depth. The effect of not including this in the
calculations will be to slightly underestimate pressures and hence hydrate stability.
In this study, it is important to note that the temperature adjacent to the borehole is considered to be controlled
by that of the gas being injected, and will dominate over in-situ temperatures due to the natural geothermal
gradient. Hence, the temperature inside a surface pipeline can be a key controlling factor. However, for
comparative purposes, a 25°C/km geothermal gradient is shown in Figure 20 and Figure 21 for surface
temperatures between -10°C and 0°C (i.e. relevant to high latitude regions).
It is acknowledged however, that 25°C will not be appropriate in some areas, and ideally a more thorough
determination of subsurface temperatures would need to be conducted in order to reduce uncertainties to a
minimum (for example by modelling temperature measurements taken from boreholes).
Figure 20 and Figure 21 do not include hydrate stability data below 0°C (i.e. the hydrate was assumed to be
in contact with liquid water that could transport dissolved gas to the region of hydrate growth). Note also that
(for the conditions chosen: surface temperatures just above freezing, a geothermal gradient of 25°C/km) the
stable form of free phase CO2 at depths of <1200 m would be a liquid.
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3.4
3.4.1

RESULTS AND DISCUSSION
CO2 Hydrates

By comparison to the stability boundaries for CO2 hydrate in coexistence with various salinities of groundwater
(Figure 20), it can be seen that for the case of CO2 at 0°C in surface pipelines, CO2-saturated pure water at c.
0.75°C (see Section 3.3) would saturate with respect to CO2 hydrate at approximately 150 m depth. At
approximately 500 m depth and 2.5°C, CO2 hydrate would be stable for CO2-saturated NaCl groundwaters up
to 150000 ppm TDS.

Figure 20 CO2 hydrate stability curves based on Figure 18 and displayed in terms of equivalent
hydrostatic head (depth). Salinity curves for NaCl equivalent are shown, as are linear thermal
gradients for an assumed 25°C/km and surface temperatures of 0° and -10°C.
However, for deeper conditions, even though pressure is increased at 1200 m (and hence hydrate phases
could become more stable), this does not compensate for the associated rise in temperature as injected CO2
slowly warms as it descends the borehole. As such, at 1200 m and 6°C, the highest salinity NaCl groundwater
in equilibrium with CO2 hydrate would be 100000 ppm TDS. For comparison, seawater has a salinity equivalent
to approximately 35 g of NaCl per litre [c. 35000 ppm]. Thus, for CO2-rich conditions at 1200 m, all but very
saline groundwaters will have salinities low enough for hydrate stability to still be achieved. Clearly, if the
injected gas warmed at faster than 1°C per 200 m, then there would be lower potential for hydrate formation.
The above calculations do not consider the case of surface conditions being colder, for example -10°C –
though it is clear that if they were, then CO2 hydrate would be more stable rather than less (but this information
is not displayed as account would have to be taken of the stable low-salinity H2O phase being ice rather than
water). However, also shown in Figure 20 is the geothermal gradient for a surface temperature of -10°C and
geothermal gradient of 25°C/km (thick red line in Figure 20), plus the double-headed arrows indicating the
stability ranges for key ‘natural’ phases:
(1) Ice stability (in a geological context is equivalent to the permafrost zone).
(2) Zone over which CO2 hydrate could be stable with ice or fresh water.
(3) Zone over which CO2 hydrate could be stable below ice/permafrost.
Clearly, injection of very cold (initially -10°C) CO2 below a region of thick permafrost would lead to a complex
subsurface temperature profile (including ice formation). Defining this is beyond the scope of this initial study,
but we highlight the need to be able to model such profiles if further investigation were to be undertaken.

32

Copyright © SECURe 2021

3.4.2

Methane Hydrates

For the case of methane at 0°C in surface pipelines, and by comparison to the stability boundaries for methane
hydrate in coexistence with various salinities of groundwater (Figure 21), it can be seen that methane-saturated
pure water at about 1.5°C would saturate with respect to CO2 hydrate at approximately 300 m depth. At
approximately 800 m depth and 4°C, methane hydrate would be stable for methane-saturated NaCl
groundwaters up to 150000 ppm TDS.

Figure 21 Methane hydrate stability curves based on Figure 18 and displayed in terms of equivalent
hydrostatic head (depth). Salinity curves for NaCl equivalent are shown, as are linear thermal
gradients for an assumed 25°C/km and surface temperatures of -5° and -10°C. (Other explanation is
in the main text).
At 1200 m and 6°C, methane hydrate would be stable for methane-saturated NaCl groundwaters up to
>150000 ppm TDS. Again, for comparison, seawater has a salinity equivalent to approximately 35 g of NaCl
per litre [c. 35000 ppm]. Thus, for methane-rich conditions at 1200 m, all but very saline groundwaters will
have salinities low enough for hydrate stability to be achieved. Clearly, if the injected gas warmed at faster
than 1°C per 200 m, then there would again be lower potential for hydrate formation.
Also shown in Figure 21 are the geothermal gradients for a surface temperature of -5°C (dotted line) and 10°C (thick red line), plus the double-headed arrows indicating the stability ranges for key ‘natural’ phases for
the -10°C surface temperature case:
(1) Ice stability (in a geological context is equivalent to the permafrost zone).
(2) Zone over which methane hydrate could be stable with ice or fresh water.
(4) Zone over which methane hydrate could be stable below ice/permafrost.
As per the case of CO2 above, injection of very cold (initially -10°C) methane below a region of thick permafrost
would lead to a complex subsurface temperature profile (including ice formation). Defining this is beyond the
scope of this initial study, but we highlight the need to be able to model such profiles if further investigation
were to be undertaken.
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3.5

IMPLICATIONS

Two sets of implications can be distinguished, primarily depending on the location and the amount of hydrates
– impact on the CO2 injectivity and impact on the well integrity. The above sections demonstrate that there are
realistic conditions that could lead to hydrate formation at the point of injection into the reservoir rock. However,
this scoping study has not been extended to quantifying the precise extent of a possible hydrate zone, or the
exact impact that it could have on injectivity. That said, it is clear that formation of a significant amount of
secondary solid in and around the injection area would have the potential to impact injection properties in the
near-wellbore region. We acknowledge that in the absence of site-specific data the above calculations can
only be theoretical and somewhat simplistic. However, if hydrates were to form, then they could have several
implications:




Firstly, if enough hydrate fully blocked pore spaces or larger features (e.g. fractures, perforations in the
injection zone), then it would severely reduce permeability in the near-wellbore region, and hence ability
to inject gas (in this case CO2) into the formation. It is worth noting that as hydrate formation effectively
consumes water, the remaining porewater becomes more saline (as per the formation of brines in areas
of permafrost). Increasing salinity reduces hydrate stability, and this could (for certain conditions at least)
provide a throttle to hydrate formation.
Secondly, samples of hydrate recovered from offshore sediments commonly occur as nodules, lenses or
discrete horizons as well as pore-filling cement, and there is currently debate as to how such masses of
hydrate formed. Some researchers have suggested that hydrate formation effectively pushes the
surrounding mineral grains apart, especially in relatively shallow, unconsolidated sediments (Torres et al.,
2004). If this were to occur at injections depths in either rock or borehole cement, then there is potential
for it to alter the physical characteristics of the rock or cement.

If hydrates did form and did have an impact on injectivity, then reduced inflow of cold gas would lead to rewarming around the injection point as the rock returned back to natural temperatures (as controlled by deep
subsurface heat flow, rock thermal conductivity and heat capacity etc, and as expressed by the natural
geothermal gradient. Such re-warming could be to the point of hydrate destabilisation. With hydrate
destabilised, permeability would return, and injection would be able to recommence. This would lead to
injection rate cyclicity when dealing with cold gases.
The potential issues linked to hydrate formation could be avoided through an accurate understanding of in-situ
conditions, and avoidance of those favouring hydrate stability. Practical approaches could involve reducing
injection rates, or warming the gas prior to it entering the wellbore (though for the latter there would be an
economic and environmental cost related to the fuel burned). It is also possible to use ‘inhibitor’ chemicals
(such as methanol) to prevent hydrate formation, though this would also introduce costs.
Another set of implications are effects of hydrate formation on well-integrity, especially in the deepest section
of the wellbore, where the primary well barrier meets the injection zone. Location of hydrates is an important
factor here. We expect that it is less likely that hydrates which form in the reservoir rock pore space would
affect the well integrity, as this would require a lot of hydrate formation. Closer to the borehole (in the nearwellbore region) hydrate formation could be more likely, but its mechanical impact might be limited as it would
be below and outside of the primary well barrier system (Vrålstad et al., 2015; Todorovic & Cerasi, 2019).
However, if the downhole conditions were favourable (high pressure, low temperature, presence of water) for
hydrate formation within the wellbore itself, this could adversely affect the well-integrity. Hydrate accumulation
could occur, for example, within the tubing somewhere along the well (Awan et al., 2008), or within the
production liner below the production packer (this part of the well typically corresponds to the caprock and
transition into the CO2 injection zone) (Vrålstad et al., 2015; Todorovic & Cerasi, 2019). Furthermore, even if
hydrate formation did not completely block the wellbore, its formation/dissociation is associated with a
release/consumption of heat, which may complicate assessments of thermal cycling in the wellbore, and lead
to higher uncertainty about both mechanical damage of the cement sheath, and also the risk for leakage behind
the casing.
Another possibility for hydrate formation would be within the cement sheath itself, behind the production casing.
This could be possible if the cement has already been damaged (e.g. cracks, debonding from the formation,
micro-annuli) and flow of carbonated brine (or wet CO2) through the pathways in the cement was established,
when conditions favourable for hydrate formation are met. Hydrate formation behind the casing could
potentially induce further damage in the cement sheath. These important questions could be a subject for
future studies, as they were not covered by the scope of this report.
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4 Remediation of CO2 leakage
4.1

DESCRIPTION OF BGS FLUID-MIXING REMEDIATION APPROACH

The concept underpinning the work is remediation of leaks through the injection of alkaline, Ca-rich water into
regions with unwanted migration of CO2-rich fluids – in the case studied here, the engineered seal of a
borehole. Reaction of the dissolved Ca with CO2 (free phase or dissolved) will increase the degree of saturation
with respect to carbonate minerals, in particular calcite (though other polymorphs such as aragonite and
vaterite are possible). Precipitation of carbonates will reduce the size of flow paths, reduce permeability, and
so reduce, and ideally stop, unwanted CO2 flow. The primary aim of this work is to demonstrate that this
reaction has the potential to lower permeability, with secondary aims of quantifying the rate of reaction and its
impact on permeability.
Ca2+(aq) + CO2(aq) + 2 OH-(aq) => CaCO3(s) + H2O(l)
(calcite)
For this work, we chose an aqueous phase over cement grout because of its lower viscosity and better ability
to penetrate smaller flow paths. Potential regions under consideration in this study include: 1) the cement seal
of a borehole (e.g. a poor ‘cement job’ can leave incomplete sealing, or a borehole being reused after
hydrocarbon production may have developed fractures in the cement or debonding as a consequence of
pressure/temperature cycling during production operations), 2) potentially the drilling-induced damage zone
around a borehole.
A key part of the concept underpinning this work is that the migrating CO2 forms half of the reaction.
Consequences of this are that: 1) less material will need to be injected to effect sealing (which may offer
financial and logistical benefits), 2) reaction-induced precipitation will only happen where the CO2 is present,
and thus, the approach specifically targets pathways of CO2 flow. As carbonate minerals are stable over
geologic timescales they have the potential to act as effective, long-term seals.
Three scenarios were considered in the experiments, and we undertook a separate set of tests to investigate
each of these:
1)

In initial tests we considered the case of migration of a CO2-saturated saline fluid. This was prioritised for
initial study because a slightly acidic aqueous fluid can dissolve borehole cement, and hence potentially
has the ability to erode an already imperfect cement seal, further increasing permeability in a positive
feedback loop. As a consequence of the potential for dissolution of precipitated carbonate phases, we
conducted detailed mineralogical analysis. In Sections 2 and 3, we detail our measurements of flow
changes, mineralogical observations, and conclusions.

2)

A second set of tests considered reaction with free CO2 (as a supercritical phase under the pressure and
temperature of the experiment). Though cement minerals do not dissolve in free CO2, and hence the
reaction will not erode cement through dissolution, it will cause carbonation of cement – likely causing
changes in solids volume, and possibly changing cement bonding properties. In Sections 2 and 3, we just
present observations of flow changes.

3)

A final set of tests considered the case of an initially water-filled fracture in cement which had become
CO2-filled (i.e. leaking), which during remediation underwent repeated short-timescale injections of Carich alkaline fluids into a CO2-rich flow path.

Originally it was planned to investigate a wider range of test types and with a wider range of fluids. However,
restrictions on lab access (including building closure) during national lockdown because of Covid-19, coupled
with technical problems in pressure sealing, meant scaling back the experiments to those representing the key
scenarios.
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4.2
4.2.1

DETAILS OF BGS EXPERIMENTAL WORK
Starting materials

Cement:
The cement slurry was prepared at SINTEF according to the API recommended procedure (API RP 10B-2,
2013) procedure and cured at 66°C and atmospheric pressure. The cured cement was delivered to the BGS
laboratories sealed inside 1 litre plastic bottles. These were left tightly closed to prevent reaction with
atmospheric CO2, and only cut open and core plugs taken when required for the experiments. Four core plugs
could be cut from each bottle of cured cement. Once taken, the 3.5 cm diameter core plugs were trimmed to
a length of 12.5 cm, and then sliced longitudinally to create an ‘artificial fracture’.
Aqueous solutions:
A 0.55 M NaCl solution (approximately seawater salinity) was used to displace any air and condition the cement
core at the start of each experiment. For the final set of tests, this water was displaced by free CO2 immediately
prior to repeated pulses of alkaline fluid or CO2.
During the ‘reaction’ phase of the experiments, the aqueous phases consisted of:
1) 0.55 M NaCl saturated with CO2 at the pressure and temperature of the experiment.
2) 0.55 M NaCl saturated with Ca(OH)2 at room temperature (20°C). Any residual solid Ca(OH)2 was removed
prior to the Ca(OH)2-saturated solution being heated to 50°C
We recognise that these are simplified compositions, but this maximises broader applicability. The use of just
Ca-hydroxide also maximises Ca concentration, and hence increases our ability to track flow and mineralogical
changes in these (relatively short duration) lab experiments. Note that Ca(OH)2 has retrograde solubility, and
some of it will precipitate in the conditioning vessel when heated to 50°C. This ensured that the solution was
fully-saturated at 50 °C, and precipitation did not impair the functioning of the equipment.
Increasing the pH of the Ca-rich solution will favour carbonate mineral precipitation, and strong alkalis (such
as NaOH or KOH) could be used for this. However, these alkalis can also reduce Ca(OH)2 solubility, thus lower
dissolved Ca concentration (Duchesne & Reardon, 1995), and hence reduce amounts of potential carbonate
precipitate formed.
CO2:
Pure CO2 was used in these experiments, delivered to the BGS from Air Products. In the cylinders, it was in
liquid form, with the head space in the cylinders pressurised to approximately 2000 psi by helium gas. The
liquid CO2 was extracted from the bottom of each cylinder via a dip tube, and transferred to pumps which were
used to control pressure in the experiments. The experiments were in ovens, and transfer of the liquid CO2
into that heated environment caused it to transform into a supercritical phase. In the experiments both freephase CO2 was used, as well as CO2 that was first dissolved in saline water under well-controlled
pressure/temperature conditions.
4.2.2

Experimental arrangement

The cement first had its cut (artificial fracture) surfaces roughened with emery paper, which also served to
remove any high spots remaining from cutting. Slightly rough surfaces were beneficial, as they: a) were closer
to real-world situations (e.g. likely providing energetically-favourable nucleation points for new precipitates),
and b) better enabled flow, as smooth surfaces can clamp together under high confining pressures and prevent
flow. PEEK endcaps were added to each end of the core and the assembly sheathed in black heat-shrink PVC
tubing (Figure 22 (a)). The heat-shrink tubing had an inner surface coated in heat-activated glue, which
facilitated sealing. Unfortunately, this variety of heat-shrink tubing did not always seal perfectly, and it was our
experience that greater success was obtained when end caps were new (i.e. were clean) and where it
extended a little way past the back of the end cap (i.e. curled around it, maximising glued contact area).
The core was mounted vertically in the experiment in order to facilitate displacement of air, and flow through
the cement was from bottom to top. The lower PEEK endcap had separate inlets (for CO2-rich fluid and for Carich water), and these were aligned with the cut (artificial fracture) in the cement core. The upper PEEK endcap
had only a single outlet.
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The core assembly was then sealed into a pressure vessel, which was placed into a fan oven (accurate to
better than ±0.5 °C) and connected to inlet/outlet fluid conditioning/waste vessels and pumps, plus confining
pressure line (Figure 22 (b)).

a

b

Figure 22 (a) Photograph showing cement core in black heat-shrink jacket and suspended by flow
lines below the end cap of the pressure vessel used (V1 in (b)). (b) Schematic diagram of the
experimental arrangement.
The orange, green, black and blue lines in Figure 22 (b) are the CO2 inlet, Ca(OH)2 rich alkaline fluid inlet,
confining pressure and back pressure respectively. The pressure vessel marked V1, V2, V3 & V4 are the main
reaction vessel (where the cement core was held), CO2 inlet (where water was saturated with CO2), Ca(OH)2
rich alkaline fluid (pressurised by nitrogen), and waste vessels respectively. In order to minimise equipment
corrosion, the pumps were filled with gas, and the pressure of this transferred to solutions in the conditioning
and waste vessels via gas/water interfaces. Pump A maintained a constant pressure to the flow line and
withdrew fluid as necessary, Pump B supplied N2 at a constant rate to drive the Ca-rich alkaline fluid through
the system, and Pump C supplied CO2 at a constant rate (to drive either free phase or dissolved CO2 through
the system). Note that for the experiment with free CO2 there was no aqueous phase in vessel V2. Leak testing
prior to the experiments ensured that total fluid volume injected equalled fluid volume extracted. It was
important to ensure a leak-tight system, as flow rates and pressures are needed to calculate permeability.
Run conditions were 50°C and 100 bar, and with a confining pressure of 150 bar. The pressure differential
ensured the PVC sheath sealed tightly onto the outer surface of the cement, and restricted flow to just the
artificial fracture. A 50 bar pressure differential was chosen to ensure good sealing whilst minimising excessive
forces acting on the sides of the core and the potential for the cut surfaces of the cement clamping together
and restricting fluid flow. Though these pressure and temperature conditions do not represent any specific
location, we consider them to be broadly-similar to a range of possible subsurface scenarios.
For test types (1) and (2), optimal ratios of dissolved Ca and CO2 for carbonate mineral precipitation were
calculated using PHREEQC V3 and the Pitzer database, and these served as a guide for the input flow rates
in the experiments. The flow rates used were 0.99 ml/min Ca(OH)2 solution, and 0.01 ml/min for both dissolved
and free CO2 (i.e. there was a higher mass of free CO2 added compared to dissolved CO2). For the third set
of tests, flow was cycled between CO2 and ca-rich alkaline fluid. Typical injection rates for the CO2 were 1
ml/min for 10 mins, followed by Ca-rich alkaline fluid at 1 ml/min for a relatively much longer period of time
(assumed to be long enough for any carbonate mineral-forming reactions to have gone to completion – i.e.
‘pseudo-infinite’ in terms of reaction progress).
At the start of the experiments aqueous fluid was flowed through the cement to allow measurement of average
hydraulic permeability (Ca-rich alkaline solution for experiment types [1] and [2], NaCl solution for experiment
type [3]. Subsequent permeability measurements during reaction could then be compared to this. Note that as
we did not have a measurement of the fracture aperture, the permeability values are calculated as an average
across the entire 3.5 cm diameter cement core.
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4.2.3

Analysis

Changes as a consequence of reaction were studied via mineralogical approaches only, as our primary interest
was in the form and distribution of secondary precipitates (c.f. output fluid chemical composition which would
be relatively constant once saturation was achieved, and we could not monitor it at high resolution in the areas
where precipitation was occurring). This was done by optical microscope, X-ray diffraction (XRD), and also
using Scanning Electron Microscopy (SEM) which provided high resolution. The SEM was run under variable
pressure (VP) mode mode, as this meant that the sample did not have to be coated with a thin layer of either
carbon or gold. In VP mode the electron beam ionises some of the low pressure gas in the SEM chamber, and
the resulting shower of ions helps dissipate the electric charge that would otherwise build up on the sample.
Whilst this is very useful for studying samples ‘straight out of the reactor’, it does resut in a slight loss of
resolution. Details of SEM and XRD techniques are given below.
Scanning Electron Microscopy
-

Phase mapping: Phase maps were obtained using Zeiss Sigma 300 field emission scanning electron
microscope (SEM), fitted with twin Bruker Xflash 6|30, 30mm2, 129eV resolution, energy dispersive X-ray
(EDX) detectors running with Brucker Esprit (v2) software and Zeiss’ Mineralogic phase-mapping software
(V1.6.2). The SEM was operated under variable pressure, N2 atmosphere, with VP target set at 20 Pa.
The SEM run at 10 kV, 11.5 mm working distance, with a 120 µm aperture and ‘beam boost’ activated to
give a nominal beam current of 10 nA. Mapping was performed over a grid of frames using ‘Mineralogic’
software, at step size was 40 µm and dwell time 30 ms. BSE images and EDX data were captured in turn
for each frame. BSE images were captured at a 2.498 µm resolution, 0.9 µs dwell time. Phase
identifications were based on the per pixel normalised quantitative EDX data (using phi-rho-z quantification
protocols) passed through expert-user-defined compositional filters. Outputs were formed by combining
data from multiple adjacent fields of view, mosaicked into phase map images with associated BSE images.

-

Imaging and phase identification: Imaging and phase identification were done using an FEI Quanta 600
SEM with an Oxford Instruments X-Max 50 mm2 silicon drift detector (SDD) for EDS, running Oxford
Instruments INCA (v4) software was used in this study. INCA software applies ‘‘phi-rho-z’’ matrix correction
methods and uses multiple least squares for peak deconvolution. The SEM was operated under variable
pressure, using water vapour. Due to significant beam scattering when operating under the VP mode, the
EDS-based phase identification is ambiguous for some finely crystalline minerals. However, based on
chemistry, crystal morphology and the XRD data some inferences were made. The greatest ambiguity is
related to the Ca, Al silicate hydrate phases.

X-Ray diffraction

-

Small subsamples (<10 mg) of surface alteration were removed using a scalpel and ground to a powder
with an agate pestle and mortar. The powder was then placed on the surface of a silicon crystal ‘zero
background’ substrate and dispersed to a monolayer using a single drop of acetone in order to maintain a
random orientation of crystallites. XRD analysis was carried out using a PANalytical X’Pert Pro series
diffractometer equipped with a cobalt-target tube, X’Celerator detector and operated at 45 kV and 40
mA. The silicon crystal mounts were scanned from 4.5-85 °2θ at a scanning rate of 2.06
°2θ/minute. Diffraction data were analysed, and phases identified using PANalytical X’Pert HighScore Plus
version 4.9 software coupled to the latest version (PDF-4+ 2020) of the International Centre for Diffraction
Data (ICDD) database.
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4.3

RESULTS

Four experiments were run, though each contained a differing number of sub-parts:
1)
2)
3)
4)

Dissolved CO2 reacting with alkaline fluid (Run 1862 interrupted by national lockdown and lab closures
as a result of the Covid-19 pandemic, but useful for mineralogical observations).
Dissolved CO2 reacting with alkaline fluid (Run 1863, a repeat of the above, permeability data only).
Free CO2 reacting with alkaline fluid (Run 1864, permeability and mineralogical observations).
Baseline measurements of hydraulic permeability over several days, followed by cycles of CO2 flow and
alkaline fluid flow (Run 1984, permeability data only).

4.3.1

Experiment 1: Aqueous CO2 case (Run 1862)

Vessel 2 (V2 in Figure 22 (b)) was filled with 0.55 M NaCl (aq) and pressurized with 100 bar CO2 at 50 °C. A
magnetic stirrer bar was left running for 24 hours prior to initiating the experiment to ensure that the CO2 had
fully equilibrated with the solution.
The Covid-19 pandemic caused the emergency closure of the BGS laboratories and abandonment of this test
after the reaction phase had happened (the subsequent experiment, Run 1863, repeated these
measurements). Though the loss of data resulted in problematic interpretation of pemeability changes, the
reacted cement sample was still suitable for detailed mineralogical observation by SEM. The following are
preliminary observations of the reacted cut surface of one half of the cement sample (Figure 23).

Figure 23 Reacted cement core split open along the cut surface, and showing light-coloured
precipitates.
VP SEM imaging reveals patches of different precipitates scattered across the surface of the cement
(preliminary observations in Figure 24). A wide range of morphologies was observed: cubes and scalenohedral
crystals, platelets and fibres, hexagonal, rosettes, and skeletal cubes. There is no immediately-obvious pattern
to their distribution, which hints at either complex flow patterns, changing flow patters, far from equilibrium
precipitation, or a combination of these (and other) processes.
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Figure 24 Low resolution SEM image of part of the reacted cement surface showing the distribution
of a range of secondary phase morphologies (preliminary observations).
At the very base (immediate inlet end) of the core (Figure 25) the following were observed:


Irregular patches of Ca -phase with elongate crystals, possibly dendritic-like in places



Skeletal crystals of likely Ca carbonate



An anhedral mass of mixed composition

The first two of these are consistent with large degrees of supersaturation, and fast precipitation.

b

a

Figure 25 Morphologies of precipitates at the very base (immediate inlet end) of the cement sample.
Higher resolution imaging of the lower part of Figure 25 (b) shows rhombs and cuboids of carbonate precipitate
(Figure 26 (a)) that have likely undergone dissolution (spikey surface features) below a shell of later overgrowth
(Figure 26 (b)). It is currently unclear how these features formed, though possibilities include: repeated swings
in fluid composition from saturated to undersaturated (and vice versa); and differential growth rates between
edges and faces of crystals.
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a

b

Figure 26 Close-up of the morphology of precipitates at the very base (immediate inlet end) of the
cement sample: (a) rhombs and cuboids of carbonate precipitate; (b) subsequent overgrowth.
A range of other morphologies of secondary phases covering the lower half (inlet end) of the cement sample
were also observed. These include:


Rhombs and scalenohedral aggregates (likely to be CaCO3) (Figure 27)



A range of other morphologies that also appear to be CaCO3 (Figure 28)



Masses of sub-micron phases of as yet unresolved composition (Figure 29)



Individual and intergrown scalenohedral crystals in finely crystalline mass (Figure 30)



Highly fibrous precipitates. The composition of these was hard to establish using VP mode, but potential
phases include gypsum/anhydrite and calcium silicate hydrate (CSH) phases (Figure 31)

a

b

Figure 27 Rhombs/distorted cubes and scalenohedral aggregates (likely CaCO3).
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a

b

Figure 28 Range of other morphologies of what appears to be CaCO3 precipitates.

Figure 29 Highly porous masses of sub-micron phases (composition unresolved at the time of
writing).
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a

b

Figure 30 Individual and intergrown scalenohedral crystals in finely crystalline mass. Note the cracks
in places in (b), which might relate to sample desiccation (preliminary observation).

b

a

Figure 31 Highly fibrous precipitates (composition uncertain at the time of writing, but these may
include gypsum/anhydrite and CSH).
Observations are consistent with complex mixing patterns of the CO2-rich fluid with the alkaline Ca-rich fluid
causing high degrees of supersaturation and rapid precipitation of a range of morphologies of CaCO3. Most of
the precipitates appear to have been derived from the injected fluids. However, if the composition of some of
the fibrous phases (possible gypsum/anhydrite and CSH) is confirmed, then that would suggest that elements
such as Si and S are being leached from the cement and reprecipitated in the permeable zone.
4.3.2

Experiment 2: Aqueous CO2 case (Run 1863)

This run was a repeat of the one above, though without the cessation in flow measurements caused by lab
closures due to Covid-19. Vessel 2 (V2 in Figure 22) was filled with 0.55 M NaCl (aq) and pressurized with
100 bar CO2 at 50 °C. A magnetic stirrer bar was left running for 24 hours prior to initiating the experiment to
ensure that the CO2 had fully equilibrated with the solution. Figure 32 shows pressure and hydraulic
permeability changes during initial, pre-reaction characterisation of the cement. Once the sample had
stabilised, the average initial permeability was found to be 3.194 mD.
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a

b

Figure 32 (a) Pressure changes during initial (i.e. pre-reaction) characterisation of the core, note inlet
(orange) and outlet (blue) lines. (b) Resultant permeability evolution towards a stable value.
Reaction of the saturated Ca(OH)2 solution and dissolved CO2 inside the cement caused an immediate and
continued increase in system pressure (Figure 33) – presumably as a consequence of flow path blocking. Flow
was stopped once system pressure reached 135 bar, in order to prevent exceeding the confining pressure.
That inlet pressure decreased and outlet pressure increased after this, showing that there was some continued
connection across the core at first. However, the pressure differential stabilised, and a 20 bar pressure
differential remained some 15 hours after the pumps were switched off. As well as suggesting that the blockage
to flow remained in place, this also suggests that it may have ‘matured’ compared to when when initially formed.

Figure 33 Relative pressure changes of the inlet (orange) and the outlet (blue) lines as the two
reactant fluids are flowed through the cement core.
Pressure and flow data were used to calculate a plot of changing permeability during the initial phase (c. 17000
seconds) of the experiment (Figure 34). This shows permeability decreasing to 1.969 mD, at which point the
pumps were turned off. Permeability would likely have decreased further upon continued reaction, but this
would have required changing system parameters and running the experiment under constant differential
pressure and monitoring flow changes – which we were not set up to do at the time of the original experiment.
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Figure 34 Average permeability during the reaction of Ca(OH)2-saturated solution with dissolved CO2
(note different timescale to Figure 33 with only the initial 20000 sec shown here).

4.3.3

Experiment 3: Free CO2 case (Run 1864)

Permeability information
This was a very similar experiment to that described above for Experiment 2, but an extended pre-reaction
characterisation of the sample was undertaken (50k sec as compared to 3k sec). Initial hydraulic permeability
of the core was tested using alkaline fluid, and this stabilised relatively rapidly. A stable pressure differential
was readily attained (Figure 35 (a)), and a pre-reaction average permeability for the 3.5 cm diameter core of
0.444 mD was derived (Figure 35 (b)). This value differs from that obtained in the experiment described above.
There could be several reasons for this difference, but the overall controlling factor was that each piece of
sliced core was unique, and had slightly different aperture and fracture roughness.
The Ca-rich alkaline solution and free CO2 (gas) were flowed through the core at 0.99 mL/min and 0.01 mL/min
respectively. Inlet pressure increased (and hence so did differential pressure across the length of the core) as
reaction caused precipitation and blocking of flow paths. This raised inlet pressure to a peak of approximately
147 bar in 5 hours 43 minutes, at which point flow was stopped in order to prevent exceeding the 150 bar
confining pressure (continuing would have risked debonding and/or rupturing the PVC sheath surrounding the
cement sample). With flow stopped, pressure decay was monitored as small quantities of fluid migrated
through the partly-sealed cement. This process was repeated twice more, both times showing rapid pressure
increases as the fluids reacted and solids precipitated.
Pressure and flow data were used to derive average permeability for the 3.5 cm diameter core, and details of
this for the injection periods (i.e. where pressure increased sharply in Figure 36) are shown in Figure 37.
The progression to a more rapid decrease in permeability each time the test was run, suggests that
precipitation has a larger impact on over time. Possibilities that are consistent include: a narrowing of flow
paths with each phase of precipitation; a reduction in the number of flow paths; an increase in the number of
CaCO3 nucleation sites (i.e. ‘seed crystals’) over time, reducing delays in CaCO3 growth linked to nucleation
kinetics (see the section below for details).
The average permeability of the 3.5cm diameter core was subsequently measured and found to have dropped
to 0.413 mD (7% decrease).
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a

b

Figure 35 (a) Pre-experiment permeability test of the cement core shows relatively uniform
differential pressure across the core. Permeability was derived from known flow rates and measured
pressures at the inlet transducer (orange) and the back pressure (blue). (b) Change and subsequent
levelling out at 0.444 mD of permeability over the course of the pre-experiment permeability test.

Figure 36 Combination of the inlet pressure changes as the free CO2 experiment is cycled 3 times
with sharper rises to ~148 bar. Each red box contains one cycle and the trail off of pressure
afterwards. The red dotted lines indicate a break in recording due to site power-down. The sharp
pressure increases took place in <6 hours each.
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Figure 37 Average permeability during the reaction of Ca(OH)2-saturated solution with dissolved CO2.
The blue, orange and grey lines represent the 1st, 2nd and 3rd cycles respectively showing a more
rapid drop in permeability per cycle.
Mineralogical information
Figure 38 shows the core split open along the ‘synthetic fracture’ with reaction surfaces exposed, and showing
where it was sampled for SEM and XRD analyses. The precipitate is manifested by yellow and white
discolouration on a generally dark surface of the cement. Although, the precipitate distribution pattern as
observed on the two halves of the core is broadly corresponding, some differences in the spatial distribution
of phases are observed. The right-hand half of the core was used to obtain a large scale phase distribution
map (using ‘Mineralogic’ software) and to provide context for detailed microanalysis and XRD of materials
extracted from the left-hand half of the core.
Contextual Data
Figure 39 shows hand specimen image, backscatter electron image and corresponding phase distribution map
of the two rectangular areas analysed by Mineralogic. It is apparent that the first 4 cm of the reacted surface
is covered by a carbonate-dominated precipitate marked as blue on the Mineralogic map and Mg-rich clay
coating marked as green. This assemblage phases out into partially altered cement in the central zone of the
core (yellow on the Mineralogic map), and notably altered cement towards the edge and top end of the core
(marked by red-dominated zones). It must be noted that carbonate minerals have been detected in all zones
of the core, displaying different morphologies and occurring in different amounts, with the first 4 cm being
notably carbonate-dominated. Detailed description of those three distinctive Zones (Zone-A, Zone-B and ZoneC) is given below.
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Figure 38 Schematic showing split-open core and areas selected for microanalysis and phase
mapping. Numbers correspond to Areas sampled for XRD analysis and Zones imaged in detail by
SEM. Fluid inlet was from the bottom of the sample.
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Figure 39 Phase distribution map (ZEISS MINERALOGIC) showing carbonate-dominated zone within the first 4 cm of the inlet and cementphases (CASH) dominated surface in the remaining part of the core. Carbonate (likely calcite) is also present in discrete, randomly-distributed
zones throughput the length of the core.
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Detailed description
The description of phase distribution and mineralogy is split into 3 paragraphs, Zone-A, Zone-B and Zone-C,
reflecting significant compositional differences observed on the reacted surfaces of the core, starting from the
Inlet upwards:
-

Zone-A. Inlet – 4 cm: (Mineralogic map – blue+green, XRD areas 1-3).
The cement core here is covered by a layer of creamy-yellow precipitate (irregular in shape and thickness,
though generally <1mm thick), which is dominated by carbonate (chiefly calcite), lesser quartz and other
reaction products listed in Table 2. Detailed microanalysis of this zone revealed the presence of ridges
and troughs surrounded and filled by the reaction products (Figure 40 (a)). These might represent the
contact points between the two halves of the core creating micro-channels for fluid flow and resulting in
localised micro-environments. Although, the general texture of Zone A is characterised by tightly
intergrown equant <20 μm crystals of calcite (Figure 40 (b)), the micro-channels often contain needle-like
crystals of hexagonal cross-section and with chisel-like crystal terminations observed locally (Figure 40
(c)). These are crystals of aragonite and/or a mixture of aragonite and vaterite. The dense calcite is often
intergrown with aggregates of platy, hexagonal (<50 μm diameter) crystals of Cl-bearing Ca, Al phase,
hydrocalumite as identified by XRD. Elsewhere, smaller (< 20 μm diameter) but also platy and hexagonal
Ca-rich crystals are likely to be portlandite (Figure 40 (e)). Zone A is also characterised by the presence
of a Mg-rich coating, a prominent feature on the Mineralogic phase map (green). Microanalysis suggests
that this is a coating of a fibrous Mg-silicate clay mineral draping calcite and other precipitates in this zone
(Mg and Si originate from the cement itself). It is tentatively suggested its prominence on the Mineralogic
map might be related to areas of higher density (though ideally, further work would be required to confirm
this). The amount of calcite-dominated precipitate peters out from about 3 cm upwards, beyond which only
isolated crystal aggregates were observed.
XRD data suggest the presence of other phases, e.g. tilleyite (calcium-silicate-carbonate) and katoite
(calcium-aluminium-silicate-hydrate). However, we could not follow this up in the timescale available, and
more detailed SEM investigation would be required to confirm their morphology and distribution.

Zone-A

Table 2 Results of XRD analysis for Zone-A (Inlet – 4 cm of the core). The order of phases in the table
is an indication of their broad distribution in the samples, however no quantitative analysis has been
performed.
AREA

BGS MPL
code

Identified phases

1
2
3

MPLX422

calcite, quartz, thenardite, tilleyite

MPLX423

calcite, quartz, thenardite, tilleyite, vaterite, hydrocalumite, katoite

MPLX424

calcite, quartz, thenardite, tilleyite, vaterite, portlandite, hydrocalumite, katoite

Mineral name

Formula

Mineral name

Formula

Mineral name

Formula

Mineral name

Formula

calcite/vaterite

CaCO3

tilleyite

Ca5Si2O7(CO3)2

quartz

SiO2

gismondine

CaAl2Si2O8·4(H2O)

portlandite

Ca(OH)2

hydrocalumite

Ca2Al(OH)6]Cl·2H2O

thenardite

Na2SO4

katoite

Ca3Al2(SiO4)3¡x(OH)4x
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Figure 40 SEM images representative of Zone-A, showing: (a) CaCO3 dominated surface close to the inlet, with ridges and throughs probably
formed on the contact of the two halves of the core; (b) densely packed equant, rhombohedral crystals of calcite; (c) equant calcite and
aggregate of elongate crystals of aragonite; (d) tabular, pseudo-hexagonal crystals of hydrocalumite; (e) finely crystalline Mg-clay coating
covering calcite crystals, and scattered hexagonal portlandite; (f) details of fine wispy Mg-clay coating on the surface of equant calcite.
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-

Zone-B. Central zone between 4 - 10cm of the core. Partially altered cement (Mineralogic map – yellow,
XRD area 5).
In this zone, the original cement phases appear to be exposed. The degree of alteration is localised and
largely related to hydration and/or dehydration, with relatively low amount of precipitates (Figure 41).
Microanalysis revealed subparallel < 200 μm wide elongate zones of finely crystalline mixture of phases.
These zones likely correspond to the roughness of the cement surface introduced at the start of experiment
to enhance material-fluid interaction. The composition of the mixture is complex, and SEM-EDS showed
the presence of Ca, Si and moderate to minor Al, Na, Mg, likely corresponding to Ca (+-Al) silicate hydrate,
quartz and Ca carbonate (as identified by XRD), with minor Mg-rich clay minerals and thenardite (+/- NaCl),
as listed in Table 3. In places, up to 200 μm well-developed hexagonal crystals of portlandite were
scattered on the surface of the original cement.
Mineralogic phase map revealed a reaction front between the partially altered cement (yellow, Figure 42)
and Zone-C precipitates (red, Figure 42). The general textures suggest the presence of portlandite or
carbonate, almost exclusively to each other, in a parallel to sub-parallel arrangement to the Zone-B
boundary.
XRD data suggest the presence of other phases, e.g. tilleyite, calcium-silicate-carbonate, katoite calciumaluminium-silicate-hydrate and hydrocalumite calcium-aluminium Cl-hydroxide (Table 3). Time constraints
meant that further detailed SEM investigation could not be undertaken to confirm their morphology and
distribution.

Zone-B

Table 3 Results of XRD analysis for Zone-B (Central part of the core, 4-10 cm). The order of phases in
the table is an indication of their broad distribution in the samples, however no quantitative analysis
has been performed.
AREA

BGS MPL
code

Identified phases

5
Note

MPLX426

portlandite, calcite, quartz, vaterite, tilleyite, katoite, hydrocalumite

Mineral name

broad base to calcite main peak (3.03A) suggests CSH gel also present
Formula

Mineral name

Formula

Mineral name

Formula

Mineral name

Formula

calcite/vaterite

CaCO3

tilleyite

Ca5Si2O7(CO3)2

quartz

SiO2

gismondine

CaAl2Si2O8·4(H2O)

portlandite

Ca(OH)2

hydrocalumite

Ca2Al(OH)6]Cl·2H2O

thenardite

Na2SO4

katoite

Ca3Al2(SiO4)3¡x(OH)4x
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Figure 41 SEM images representative of Zone-B: (a, b) channels of a finely crystalline mixture of a
phase having a high Ca, Si content and moderate to minor Al, Na, Mg - likely corresponding to Ca (+Al) silicate hydrate, quartz and Ca carbonate (identified by XRD), with minor Mg-rich clay minerals
and thenardite (+-NaCl); (c, d) scattered crystals of portlandite with distinctive hexagonal crystal
habit.

Figure 42 Reaction front between Zone-B and Zone-C.
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-

Zone-C. Core margins and 10 cm - top of core. Notably altered cement. (Mineralogic map – red, XRD area
4&6). This area is characterised by the presence of patches, elongate zones (like those observed in ZoneB) and dense cover of morphologically and chemically different phases (Figure 43 (a)), with fibrous and
platy morphologies dominating and unevenly concealing the original surface of the core. The platy crystals
are likely a mixture of portlandite and hydrocalumite (both confirmed by XRD). Notably, the hexagonal
habit is less well developed here, and the crystals are smaller (generally < 50 μm) as compared to the
hexagons observed in Zone-B. The identification of the fibrous phases is associated with significant
ambiguity, related to the multi-element system, the size of the crystals and the volume analysed by SEMEDS. Based on the results of Mineralogic phase mapping (set up for Na and Al here), SEM EDS and XRD,
it is likely that the fibrous phases are a mixture of Ca, Al silicate hydrate (CASH) – gismondine (zeolite
group mineral) and thenardite were both identified by XRD (Table 4). Time constraints prevented us from
determining if other CASH phases were present, and similar for the presence of tilleyite.

Zone-C

Table 4 Results of XRD analysis for Zone-C (Core margins and 10 cm-top end). The order of phases
in the table is an indication of their broad distribution in the samples, however no quantitative
analysis has been performed.
AREA

BGS MPL code

Identified phases

4

MPLX425

portlandite, calcite, quartz, tilleyite, thenardite, hydrocalumite

6

MPLX427

portlandite, calcite, quartz, gismondine, thenardite, hydrocalumite

Mineral name

Formula

calcite/vaterite

CaCO3

portlandite

Ca(OH)2

Mineral name
tilleyite

Formula
Ca5Si2O7(CO3)2

hydrocalumite Ca2Al(OH)6]Cl·2H2O

Mineral name

Formula

quartz

SiO2

thenardite

Na2SO4

Mineral name

Formula

gismondine CaAl2Si2O8·4(H2O)
katoite

Ca3Al2(SiO4)3¡x(OH)4x

Figure 43 SEM images representative of Zone-C showing: (a) localised patches of portlandite and Ca
Al silicate hydrate phases covering partially altered cement surface; (b, c) details of platy crystals of
portlandite and hydrocalumite in a mass of fibrous CASH. Na was also detected by SEM -EDS
indicating and agreeing with XRD identification of thenardite.
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4.3.4

Experiment 4: Alternating CO2-alkaline fluid case (Run 1894)

Permeability information
This experiment was different to the cases above, in that it comprised two phases, and the second one of
these was more complex than other parts of previous experiments:
Phase 1: Run hydraulic permeability testing for longer than the experimental durations above. The rationale
was to (hopefully) demonstrate no changes in hydraulic permeability for a system without significant reaction
(i.e. there was a correct assumption of stable baseline permeability from which changes could be compared).
Phase 2: Flush out the NaCl solution with CO2 (simulating a leaky borehole seal, then inject Ca-rich alkaline
fluid to simulate a single cycle of remediation. The CO2-alkaline fluid cycle was then repeated, to simulate the
effect of several cycles of remediation (the assumption being tested was that repeated reaction events would
be more effective than a single one).
Results for Phase 1
Measurement of the initial permeability of the cement core used 0.55 M NaCl (aq) flowed at 0.01 mL/min for
approximately 25 hrs. Inlet pressure was 100 bar and outlet pressure approximately 125 bar (Figure 44 (a)).
Pressure and flow data were then used to calculate average permeability (for the entire section of the core,
Figure 44 (b)).
The average permeability (of the entire core) was found to be 0.00721 mD, and this did not change over the
duration of the test. As this test was longer than the ‘reactive phase’ of the earlier experiments, we can
conclude that baseline permeability is constant, and that changes seen during the experiments are solely a
function of precipitation resulting from the mixing of Ca-rich alkaline fluid with CO2.
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a

b

Figure 44 (a) Inlet pressure (blue) and outlet pressure (orange) during initial permeability test. (b)
Permeability derived from the initial test.
Results for Phase 2
The core from Phase 1 was then flushed with CO2, to simulate a cement fracture that had been invaded by
leaking CO2, followed by flowing free CO2 through the cement core at 1 mL/min for 10 minutes. Ca(OH)2 rich
fluid was then flowed through the core at 1 mL/min indefinitely. The results are shown in Figure 45, with short
CO2 injection intervals (regions highlighted in red), separated by longer periods of injection of Ca-rich alkaline
fluid. Progressive reaction of the alkaline fluid with CO2 lead to precipitation, followed by an increase in inlet
pressure (blue line in Figure 45 (a, b)) relative to outlet pressure (orange line in Figure 45 (a)) – i.e. and
increasing differential pressure across the core.
After 3 cycles of CO2 injection, a permeability measurement was taken (i.e. any change being the combined
effect of >1 cycle of CO2-alkaline fluid reaction). Permeability measurement was conducted at the same
temperature and pressures using 0.55 M NaCl (aq) running at a flow rate of 1 mL/min). Pressure data are
given in Figure 46 (a), and permeability data in Figure 46 (b). Note that there was some variation in calculated
permeability early in the experiment, but this soon settled down to stable values. The final permeability value
used from this test was an average from the second half of the experiment (for pressures see Figure 47 (a),
and calculated permeability in Figure 47 (b)) was 0.0048 mD.
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The permeability of the core dropped from 0.00721 mD (i.e. prior to reaction of Ca-rich alkaline fluid with CO2)
to 0.00480 mD after reaction - a drop of 33.4 %. This large drop in permeability confirms that controlled CaCO3
precipitation can be a useful remediation tool (at least over shorter timescales).

a

b

Figure 45 (a) First two pulses of CO2 (regions highlighted in red) followed by extended flows of
Ca(OH)2. The blue and the orange line indicates the inlet pressure and outlet pressure, respectively.
(b) The third and final pulse of CO2 followed by Ca(OH)2 rich solution. The blue and the orange line
indicates the inlet pressure and outlet pressure, respectively.
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a

b

Figure 46 (a) Pressure data from entire permeability test, the blue and orange lines are the inlet and
outlet pressures respectively. (b) Permeability calculated from the entire hydraulic permeability test.
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a

b

Figure 47 (a) Pressure data from latter half of the permeability test, the blue and orange lines are the
inlet and outlet pressures respectively. (b) Permeability over the latter part of the test – the region
over which the permeability was averaged from.

4.4

DISCUSSION

Our key aim was to demonstrate that controlled carbonate precipitation could lead to permeability reduction
(and ideally sealing) of ‘imperfect’ borehole cement / drilling-induced damage in rock in the near-borehole
region. A key aspect of this is that one half of the reaction involved was the migrating CO2 (i.e. less ‘remediating
material’ need be injected). We have demonstrated this. Our secondary aim was to quantify the changes in
permeability. We have derived permeability changes in the lab tests.
We constructed a flow rig to allow controlled mixing of a CO2-rich fluid with an alkaline Ca-rich fluid inside a
sawn sample of cement. We used a sawn sample as it was a more controlled way to do the experiment.
However, compared to the tortuosity of a ‘real’ fracture, this created a more ‘prefect’ and shorter flow path –
and hence one having higher permeability.
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The system was initially beset by leaks in the reaction system and unstable pressures, and this slowed
progress initially. On top of this, the coronavirus pandemic led to national lockdown in the UK, the emergency
closure of the BGS sites, and the loss of some experiments (which needed repeating). This delayed progress
further, and so we have concentrated on demonstrating that the proposed approach works, rather than on
long-term tests or multiple repeat experiments scoping the impact of minor differences.
Reaction was fast, leading to rapid precipitation of mainly carbonate, but also other phases. We do not have a
measure of just how much precipitate formed. Whilst we can visualise the 2D distribution of precipitation, not
knowing the thickness of the precipitate means that we cannot generate a volume estimation. However, we
observed very fast reaction, with flow paths becoming significantly sealed in just a few hours. Most of the
precipitation appears to be related to the Ca and CO2 added to the flow zone via the fluids (as per our
hypothesis). However, there appears to be evidence for some leaching of elements from the cement (evidence
for Si and S), which are then reprecipitated in the flow zone.
Carbonate precipitates take the form of rhombs, many of which show complex features, and these rhombs
coalesce into sheets that line and fill void space. Processes controlling the complex features may include
dissolution the overgrowth, or fast growth of hopper skeletal crystals, and ongoing work will hopefully clarify
this. We do not yet know what all the phases are that we can see, in part because we do not have a detailed
composition for them. However, a key observation is that many are not completely ‘solid’. In other words, there
are growths looking like rosettes of sheets, or lose masses of rhombs. The entrainment of space within these
type of precipitates increases their effective molar volume – i.e. less mass of material needs to precipitate to
achieve the same degree of permeability reduction.
The rhombs of carbonate show a range of textures (e.g. possible dissolution & overgrowths, possible high
degrees of supersaturation and the formation of hopper skeletal crystals). Whist we cannot completely rule out
‘quenching’ effects at the end of the experiments, such a range of features would be consistent with switching
of fluid flow paths during precipitation plus different degrees of fluid mixing near the injection points – both
could drive very localised variation in degree of saturation state (i.e. swing the solution from (super)saturated
to undersaturated and back again, possibly several times).
The textures of secondary precipitates, and the range of them, are consistent with fast precipitation. This
implies significant oversaturation, and is something that would be expected from the mixing of reactive fluids.
A consequence of this is that the precipitates are governed (at least in part) by precipitation kinetics rather
than just thermodynamics, and that over time initially-formed phases may be replaced by more stable ones
(e.g. amorphous / less ordered ones being replaced by more ordered ones, or clusters of many small rhombs
being replaced by fewer, larger crystal). Given the relatively short duration of the lab experiments, we would
not expect to see the end point of such ‘maturation’ of precipitates. However, there have been ‘natural
analogue’ studies of calcium silicate hydrate (cement mineral) carbonation and also carbonation of
hyperalkaline fluids which show that denser and more stable products will dominate over time (e.g. Rochelle
& Milodowski, 2013).
Precipitation rapidly led to a reduction in flow paths, which for a constant flow rate led to an increase in
differential pressure across the samples, and an overall decrease in permeability. At a laboratory-scale
therefore, our hypothesis appears sound, and we have demonstrated that controlled carbonate precipitation
can greatly reduce the permeability of imperfectly-sealing borehole cement. Looking towards the next stage
– this would involve up-scaling the tests, either at a much larger lab-scale or field-scale tests. These should
investigate: the efficacy at larger scales, rates of sealing, and quantify the (effective) volumes of secondary
precipitates – all information that would help parameterise/validate modelling of the sealing process.
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5 Conclusions
This report assembles 3 different research efforts targeting well integrity concerns and their mitigation in
subsurface energy or storage operations. In the first part, we investigate numerically conditions under which
hydraulic fracturing operations for shale gas exploitation could induce unwanted fracturing elsewhere in the
well's cement completion. The results show that under some circumstances, fracturing may be expected in the
well's cement sheath, although this does not seem to occur upstream of the perforations but rather at their
base. However, planned laboratory testing will shed more light on whether the propagation of the hydraulic
fractures could lead to additional damage in the cement sheath, farther away upstream. This will probably not
be likely, since propagation of the fracture away from the well usually creates a stress shadow near the well;
thus, if no fracture was initiated in the cement sheath when the hydraulic fracture started to grow (as seen in
our simulations), then the probability for induced fractures later on decreases.
Predictions of gas hydrate stability show that hydrate phases (especially CO2 and CH4 hydrate) could have
theoretical stability in and around wellbores during gas injection. Critical to their formation are low temperature,
high pressure, and water-gas contact. Hydrates also tend to grow preferentially within larger voids (e.g. cracks
within and around borehole cement) and so may have more potential to form in the very near wellbore region.
However, because of the amount of hydrate work conducted within this study was limited, we concentrated on
its potential stability as a first step, and did not conduct experiments or quantify the mechanical or permeability
impacts of hydrate formation.
Having note the above, it is known that hydrate can potentially have relatively rapid growth (as opposed to
slow silicate mineral reactions), which means that such phases could form relatively rapidly, and thus have
potential to cause impacts on operational timescales. As such, their stability range should be included
predictive modelling, in order to ascertain if more detailed assessment of their impact was necessary.
Experiments aimed at sealing flow paths in the borehole/near borehole region via controlled precipitation of
CaCO3, have shown that:






Reaction is fast, leading to rapid precipitation of mainly carbonate, but also other phases.
Carbonate precipitates take the form of rhombs, many of which show evidence of complex internal
features, and these rhombs coalesce into sheets that line and fill void space.
Precipitation rapidly led to a reduction in void space within flow paths, which for a constant flow rate led to
an increase in differential pressure across the samples.
Precipitation also led to a notable overall decrease in permeability.
Permeability continued to decrease with ongoing reaction, both for constant flow of Ca-rich alkaline fluid
and CO2, and also cyclic pulses of CO2/Ca-rich alkaline fluid.

At a laboratory-scale therefore, we have confirmed our hypothesis, and demonstrated that controlled carbonate
precipitation can greatly reduce the permeability of imperfectly-sealing borehole cement.
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Glossary
M4ShaleGas ''Measuring, monitoring, mitigating, managing the environmental impact of shale gas'', a project
that was funded by the European Union's Horizon 2020 Research and Innovation programme in the period of
2015-2017, under grant agreement number 640715, www.m4shalegas.eu.
TDS

Total dissolve solids.

WAG

Water alternating gas.
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